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Background and obijective of the assignment

Background

Distributed energy resources (DER) such as solar, batteries and electric vehicles are changing
the fundamental nature of the electricity system. In particular, the electricity distribution system
has, for over a century, been designed for a one-way flow of energy, from the bulk generation
and transmission systems through to the end consumer.

This one-way flow has been changing in the last decade due mainly to the uptake of solar
generation by homes and businesses. Local generation is reversing the flow of energy at times
and requiring the electricity networks to remodel their systems to accommodate two-way flows.

Energy regulation is also adjusting to this fundamental change. The current regulatory framework
provides incentives for the efficient delivery of energy in a safe, secure and reliable manner.
However, until recently, the energy rules and regulatory framework did not consider whether and
to what the network should meet customers’ export (as well as import) requirements, how the
cost of providing export services should be recovered, or the overall economic and system-wide
benefits that export could potentially provide.

The Australian Energy Market Commission’s (AEMC) August 2021 final determination on
updates to the National Electricity Rules (NER) and National Energy Retail Rules (NERR) to
integrate distributed energy resources (DER) more efficiently into the grid created several
new obligations for the AER. The AEMC'’s determination explicitly recognised that increases
in network costs that produce a net reduction in the total costs of the overall electricity supply
chain are economically efficient. As a result, the primary rationale for the development of
customer export curtailment values (CECVSs) is to help identify the efficient level of network
expenditure for the provision of export services and serve as an input into network planning,
investment and other aspects of the regulatory arrangements for export services.

CECVs may also be needed for the extension of the service target performance incentive scheme
(STPIS). The AEMC has requested that the Australian Energy Regulator (AER) consider how
customer exports could be linked with outcome performance through the STPIS incentive (the
AER is addressing this in a separate review).

The AEMC'’s determination also required the AER to publish the CECV methodology and the
initial CECV values by 1 July 2022, to update the CECVs on an annual basis and to review the
CECV methodology every five years.
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Subsequently, in October 2021, the AER published a paper discussing key issues in the
development of a methodology for determining CECVs.! Based on that paper and stakeholder
responses to it, the AER's view is that CECVs should reflect the avoided (or added) costs
associated with wholesale market value streams when electricity generation from DER is
increased (or curtailed). The AER noted the following value streams as those they felt would be
appropriate to include in the quantification of the CECVs, as all three can reduce the total cost of
supplying electricity to end users, and therefore represent economic benefits (as opposed to
financial transfers):2

Generation short run marginal cost - Increased DER generation substitutes for generation by
the marginal central-system generator; it avoids the variable fuel, operation and maintenance
costs of the marginal generator.

Generation capacity investment - Increased DER generation may reduce the need for
investment in new/replacement central-system generators.

Essential system services (ESS) - Increased hosting capacity for DER enables more DER
participation in ESS markets (e.g., frequency control ancillary services), reducing investment
required in new or replacement central-system sources of ESS.

To establish a means and methodology for determining the CECVs, and

To establish a means (i.e., a model) whereby DNSPs (and other interested parties) can use
the CECVs to quantify the value of the DER curtailment that is expected to be alleviated® by
the projects, programs or practices the DNSP is proposing to undertake and whose costs (in
whole or in part) they are seeking to recover through the regulatory process

The alleviation value determined by the DNSPs will serve as an input to assessing the overall
economic efficiency of the network’s capital and other expenditure to increase DER hosting
capacity. Other important inputs - including the cost of the projects, and any other benefits of
those projects, including any benefits provided to the network itself - will need to be developed,
provided and justified by the DNSP as per the usual regulatory processes.

Oakley Greenwood served as the lead of the project team that undertook this assignment. The
members of the project team were as follow:

Oakley Greenwood: Lance Hoch, Rohan Harris and Greg Thorpe
Endgame Consulting: Oliver Nunn and Franklin Liu

Cadency Consulting: Anthony Seipolt

Available at https://www.aer.gov.au/system/files/AER%20-%20CECV %20methodology%20issues%20paper%20-

Other benefits of DER have been identified by stakeholders and were considered by the AER but not included in the
calculation of the CECV as discussed in the Draft Determination. It should also be noted that this initial calculation of the
CECV has not included generation and transmission system investment costs. The reasons for their exclusion in this
initial version are discussed in Section 3.X. It is anticipated that they will be investigated further in subsequent calculations

That is, the incremental amount of DER export enabled by those projects, programs or practices.

1.2. Objective of this project
The objective of this project is two-fold:
]
%200ctober%202021.pdf
2
of the CECV.
3
[}
o)
N
il A


https://www.aer.gov.au/system/files/AER%20-%20CECV%20methodology%20issues%20paper%20-%20October%202021.pdf
https://www.aer.gov.au/system/files/AER%20-%20CECV%20methodology%20issues%20paper%20-%20October%202021.pdf
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Organisation of this report

The remainder of this report is organised as follows:

Section 2 provides an overview of the approach we have used to quantify the CECVs and
the model we have developed to allow DNSPs to assess the value that is expected to be
made available to wholesale market by the DER hosting capacity projects they have
proposed

Section 3 provides a detailed explanation of the modelling undertaken to determine the
CECVs over the analysis horizon in each National Electricity Market (NEM) region

Section 4 describes the functionality of the model that has been designed for use by the
DNSPs in calculating the value that would be made available by specific projects aimed at
increasing DER hosting capacity
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The need for CECVs and overview of the initial approach for

The rise of DER and its implications for management of the grid

Current and forecast penetration and types of DER

Distributed energy resources (DER) is the name given to renewable energy units or systems that
are commonly located at houses or businesses to provide them with power. The Australian
Energy Market Operator (AEMO) defines DER as

consumer-owned devices that, as individual units, can generate or store electricity or have the ‘smarts’
to actively manage energy demand. This includes small-scale embedded generation such as residential
and commercial rooftop PV systems (less than 100 kilowatts [kW]), PV non-scheduled generation
(NSG, up to 30 MW), distributed battery storage, VPPs and EVs.*

To date, rooftop photovoltaic (PV) systems have exhibited the greatest rates of customer
adoption of all forms of DER. Australia now has the highest level of residential rooftop capacity

Reported installed capacity (kW) 25,321,959
Estimated installed capacity (KW): 25,601,500 3

22,500,000 f'
15,000,000 f

l-.l.'.‘.. BT tU

2003 2005 2007 2009 2011 2013 2015 2017 2019 2021

AEMO is forecasting that the adoption of rooftop PV as well as other forms of DER will increase
significantly over the course of the next several decades:

By 2050, over 65% of detached homes are projected to have rooftop PV in Step Change, with most
systems coupled with a battery, meeting these households’ own energy needs and exporting surplus
back info the grid. In the most likely scenario, total distributed PV capacity (including rooftop PV and
PV NSG) would reach 69 GW, up from 15 GW today. These distributed systems would produce
approximately 90 GWh of electricity, enough to meet about a fifth of the NEM'’s total underlying demand.

Behind-the-meter domestic and commercial batteries are expected to grow strongly in the late 2020s
and early 2030s, as costs decline. EVs are also expected to surge in the 2030s, driven by falling costs,
greater model choice and more charging infrastructure. By 2050, between 50% (Progressive Change)
and 60% (Step Change) of all vehicles are expected to be battery EVs.5

AEMO, Draft 2022 Integrated System Plan for the National Electricity Market, December 2021, p 35-36.

; -
reenwood 4

calculating them
2.1.
21.1.
per capita in the world.
30,000,000 202112
7,500,000
0
Source: Australian PV Institute - Market analysis
4
5 AEMO, /bid., p 36.
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Present impacts and need for curtailment and/or increased DER hosting capacity

The high penetration rate of solar PV has created new and challenging implications for electricity
networks and the system as a whole. There are times when the flow of energy from rooftop solar
exceeds the capability of the local grid. Export from rooftop PV systems in combination with high
output of central-system solar generators has also resulted in instances of instability in the grid
and/or negative wholesale prices. Where these issues have affected the operation of the grid,
network operators and state governments have responded in a variety of ways.

One has been to limit or entirely curtail the export of electricity from rooftop PV systems.

There can be sound technical and safety reasons for doing so in order to protect customers and
the electricity network. An abundance of local generation can cause the voltage in local areas of
the grid to exceed the legislated standards, and in rare cases, can even result in outages.

The curtailment of solar PV can occur through a number of different means - limits on the amount
of export allowed, high network voltages, etc. The impact of this curtailment is a loss of value for
the owner of the solar generation, and potentially a broader economic loss as other generation is
then needed to replace the export that has been curtailed.

As an alternative to curtailment, electricity networks increasingly have been pursuing a range of
activities to support higher levels of solar generation connection and export. These have included
small changes to local lines and connections, through to major system voltage changes and
protection schemes. Examples of the types of operating practices and system augmentation that
the networks have implemented or are considering include:

Local switching and transfers to balance generation/loads

Altering the voltage behaviours of local transformers

Increasing the size or capacity of local lines and transformers

Increased visibility of the low voltage system that allows for higher capacity connections
New tariffs that support self-consumption and reduce local peaks

Wide scale dynamic voltage management schemes

Dynamic connection agreements

The role of the CECV

While networks can assess any value that additional DER export can provide to their own
business, until recently, they had no way of determining what the value of that export might be to
other parts of the electricity supply chain; that is, to what extent it can reduce costs in those parts
of the electricity supply chain. The CECV provides a means for estimating that value. Where that
value plus the value of the additional export to the distribution network exceed the cost to the
network of enabling the additional export, the expenditure required by the network is economically
efficient from a regulatory perspective.

Network activities

The CECV is designed to support finding the right balance between network expenditures and
overall customer costs. Its introduction provides a tool for electricity networks to identify the
benefits increased DER export can provide and deliver new projects and programs that can
support more local generation capacity.
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2.2. Overview of this initial version of the CECV methodology and its use in the
regulatory process
As noted above, the objective of this project is to establish an initial version of the CECV
methodology that can be enhanced as needed over time to include additional DER use cases
and additional sources of value that incremental export form DER systems can provide to the
electricity sector and the customers that use it.
Figure 1 below provides an overview of the main components of the methodology and their
intersection with existing activities in the regulatory process. While the specific topical coverage
within several of the boxes may change as the methodology is enhanced - particularly the specific
value streams addressed in the wholesale market modelling and reflected in the DNSP Model,
and the potential inclusion of value streams derived from sources other than wholesale market
modelling - the basic components of the process itself are not expected to change.
Figure 1: Overview of the CECV methodology and its integration with existing regulatory processes
CECVs
Wholesale market
simulation model
Calculates half-hourly
impacts of incremental Alleviation profile
export on wholesale sector
costs
DNSP Model Incremental export
incrzrarij:\ltaatleesx\:)aol::f:;ma allowed by the
local area network project project over time
Other wholesale
sector inputs L Total value/benefit of the project
To incorporate cost impacts ’ - 7"7””7””""77::::::::::::::::::::::::\\ ————————————————————— S,
I:mm sources °the'tha'f' 1I Value of incremental f' ‘: '1 El ‘:
wholesale market modelling | ! . H ! 1
' | export enabled by the i Network benefits 11 ? Cost of th e |
f project to wholesale i of the project ii <> i (GELE @ UAKS [Ble]) s i
; market ' i ' |
@ Inputs tobe provided by AR annually Tt
() Model to be developed, maintained and possibly upgraded by AER
[ Inputs to be provided by the DNSP for each project four use in the DNSP model
C2) Inputs to be provided by the DNSP outside the DNSP model but needed for final assessment of the economic efficiency of the proposed capex project
() Primary output of the model for decisions regarding proposed projects
Each of the main components of the methodology are described briefly below. It should be noted,
however, that this project only directly addresses the wholesale market modelling and DNSP
Model components of the overall process.
I Wholesale market modelling
Wholesale market modelling is the primary means by which the value that incremental DER
export enabled by additional DER hosting capacity in the distribution network will be
quantified. This initial version of the methodology quantifies the impact of incremental DER
export on:
B  Wholesale market production cost (as opposed to price), accounting for aggregated
headroom and footroom allowances for FCAS services, and
B Transmission and distribution losses.®
6

Est. 2008

Losses from generation to the regional reference node are considered in the dispatch model. Therefore, the marginal
production cost produced in the wholesale market modelling incorporates these losses. Losses from the regional node to
the relevant transmission connection point and then on to the local distribution are incorporated through the use of inputs
to the DNSP regarding the transmission and distribution loss factors (TLF and DLF) relevant to each hosting capacity
project under consideration.
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The wholesale market modelling derives the half-hourly impact of additional DER export on
each of the value streams noted above (or as expanded in the future) and combines them
into a single CECV for each half-hour.

This initial version of the methodology does not quantify the impact of incremental DER
export on:

Possible changes to generation or transmission system investment costs, as this would
require knowledge of the system wide net effect of all alleviation projects

Changes in ESS provision where these might result in material differences to either the
total amount of headroom and footroom allowances already included in the analysis or
its allocation across the various FCAS services (i.e., 6 second, 60 second and 5 minutes)

The potential competition benefits that additional export from DER systems could provide
in the market

The potential willingness of non-DER customers to pay for the ability of the network to
allow additional DER export.”

Further detail on how the methodology works, the rationale for the inclusion and exclusion of
the various value streams in this initial version of the methodology and thoughts regarding
the most promising areas in which the market modelling component of the methodology could
be enhanced (and how this might be done) are provided in Section 3 of this report.

Other benéefits / value streams

A number of other benefits that incremental DER exports can provide have been identified?,
including:

Benefits to the network itself - These are not included in the CECV methodology as, by
definition, the CECV is focussed on benefits in the wholesale market. However, as
indicated in Figure 1 above, it is assumed that any benefits accruing to the distribution or
transmission networks would be included by the DNSP as part of any expenditure
proposal to increase DER hosting capacity.

Reduced environmental impacts (particularly reductions in carbon emissions) or
customers’ willingness to pay to enable additional DER hosting capacity (as a proxy for
the value of this benefit) - No explicit value is ascribed to environmental benefits in the
initial methodology. However, the impact of jurisdictional legislation or programs on the
wholesale market that are reflected in AEMO’s Integrated Resource Plan (ISP) are
reflected in the initial methodology, as the ISP serves as the basis for the wholesale
modelling to quantify the CECV.

Est. 2008

The

first three of these exclusions were based on the ability to incorporate the complexity their inclusion would have

added to the modelling and the timeframe available for the modelling. The fourth item was excluded in accordance with
decisions made in the AER’s consideration of the value of distributed energy resources.

The

potential benefits of increased DER export are described in detail in Value of Distributed Energy Resources:

Methodology Study, Final Reporf, by CSIRO and CutlerMerz for the AER, which is available at:
https://www.researchgate.net/profile/Brian-

Spak/publication/349870760 Value of distributed energy resources Methodology study/links/60454df7a6fdcc9c781

dca2c/Value-of-distributed-energy-resources-Methodology-study. pdf



https://www.researchgate.net/profile/Brian-Spak/publication/349870760_Value_of_distributed_energy_resources_Methodology_study/links/60454df7a6fdcc9c781dca2c/Value-of-distributed-energy-resources-Methodology-study.pdf
https://www.researchgate.net/profile/Brian-Spak/publication/349870760_Value_of_distributed_energy_resources_Methodology_study/links/60454df7a6fdcc9c781dca2c/Value-of-distributed-energy-resources-Methodology-study.pdf
https://www.researchgate.net/profile/Brian-Spak/publication/349870760_Value_of_distributed_energy_resources_Methodology_study/links/60454df7a6fdcc9c781dca2c/Value-of-distributed-energy-resources-Methodology-study.pdf
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Customer benefits in the form of the ability to install larger DER system and the
associated flow-on benefits - This is not undertaken in the wholesale modelling as it
would require two runs - one for the base case, and the other reflecting the assumed
larger average DER system size that provide a whole-of-market value of increased
system size under the assumption that that increase occurred everywhere. It should be
noted, however, that an assumption about the average size of the systems that are
expected to be installed as a result of any particular DNSP project can be accommodated
in the DNSP model being developed as part of this project as discussed below.

It should be noted that the CECV methodology must be reviewed at least every five years
(but can be reviewed more frequently if warranted). This could result in other benefits being
included in the assessment in the future.

The DNSP Model

The DNSP Model is a tool to be built within this project that will enable the DNSP to calculate
the wholesale market value of the incremental export enabled by the specific projects it
proposes to undertake to increase hosting capacity. Those projects may be implemented at
a local area of the network (e.g., a zone substation) or system-wide (e.g., the implementation
and operation of the monitoring, communications and control technologies required to
administer dynamic operating envelopes (DOEs)).

The two primary inputs to the DNSP Model are the half-hourly CECVs derived from the
wholesale market modelling and the alleviation profile (described further below and in Section
4.2.2), which is the projected amount and time profile of the additional DER export that is
enabled by each of the DER hosting capacity expansion projects the DNSP is proposing for
capex approval.

The output of the DNSP model is the value of the additional export enabled by the project to
the wholesale market. That value - plus any value the project provides to the network itself
(and any other value streams ultimately incorporated within the AER assessment approach)
- can then be compared to the costs of the project.

Further detail on the DNSP model and the various options in which it can be exercised by the
DNSP as well as the input requirements and advantages and disadvantages of each option
is provided in Section 4 below.

Alleviation profile

The alleviation profile is a critical step in the determination of the wholesale market benefits
of increased export enabled by additional DER hosting capacity in the distribution network. It
quantifies the quantity and time distribution of DER export that, in the absence of the
proposed project, would have been curtailed. Development of the alleviation profile requires
the DNSP to consider the following factors:

The current and forecast penetration, sizes and export potential of the various types of
DER present and expected to be adopted in the network area affected by the proposed
project.

In its initial version, the DNSP model, will be structured to assess the value enabled by
projects that alleviate the need for curtailment by the DNSP of non-dispatchable DER
systems, the most common forms (today) of which are rooftop PV systems with or without
non-dispatchable behind the meter battery storage.

When these types of DER systems (and particularly rooftop PV systems without storage)
are curtailed, the value of their potential export at that time is simply lost. The value of
alleviating the need to curtail is therefore easily calculated from the results of the
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wholesale market modelling. In addition, the timing of this curtailment is reasonably
foreseeable (i.e., middle of the day). This provides the ability to identify the characteristics
of those days on which curtailment is most, somewhat and unlikely to be needed.
Characteristic days relevant to each NEM region are defined in the DNSP model; their
availability significantly reduces the complexity of developing the alleviation profile of
DNSP projects aimed at increasing hosting capacity.®

Two factors differentiate the approach needed for assessing the CECV of dispatchable
forms of DER - such as VPPs and potentially EVs, and particularly those that are V2G
enabled - as compared to that needed for the non-dispatchable forms of DER.

e For dispatchable DER, the opportunity cost of not being able to export at a certain
time due to the network constraint is not zero. Rather, it is the value of the energy in
the battery that was not dispatched due to the constraint in its next best alternative -
most likely at some other time that same day. The calculation of the CECV in such
an instance would need to identify that ‘other time of day’ and calculate the difference
between the value of export at that time as compared to the time the export was
originally curtailed. Identifying the timing of the next best alternative use of the battery
would require a different type of analysis than is being used in this initial form of the
modelling. This is because the behaviour of these dispatchable forms of DER would
presumably be driven by price signals in the wholesale market, including the FCAS
market (as well as price signals in other parts of the electricity value chain).

e By contrast, this initial implementation of the CECV methodology assumes that
curtailment is driven by conditions in the distribution network and is valued based on
the reduction of wholesale market electricity production and operation costs.
Wholesale market prices are not being modelled, so we have no basis for
understanding the likely relationship between the timing of when these DER systems
might have been discharged with and without the investment in hosting capacity. As
a result, we do not have information about ‘characteristic days’ for dispatchable forms
of DER. In addition, DER response to such price signals would also presumably
motivate dispatch of these systems en masse, potentially resulting in additional times
of constraint in the network.

The current hosting capacity within the network area affected by the proposed project.

The amount and timing of curtailment currently taking place in network area affected by
the proposed project and how that might change due to forecast changes in the type or
amount of DER within the network area affected by the proposed project over the useful
life of the assets installed through the project.

The characteristics of the project to increase hosting capacity, and how those
characteristics can be expected to reduce the amount of DER export that will be curtailed
and the timing of those reductions in curtailment.

The product of the last step above comprises the alleviation profile. Further detail on the
development of the alleviation profile is provided in Section 4.2.2 below; Section 4.3 provides
information on the various options provided in the DNSP Model to assist the DNSP in
specifying the alleviation profile of its proposed projects.

Est. 2008

Although the use of the characteristic days available in the model should significantly simplify the development of
alleviation profiles, DNSPs will be able to adopt an alternate approach, if they wish. The model will include the raw half
hourly wholesale marginal production cost data, and the information on which the characteristic days are developed to
assist a DNSP that elects to adopt an alternate basis for constructing the alleviation profile of its DER hosting capacity
projects.
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Network benefits of the additional hosting capacity

Hosting capacity projects may deliver benefits to the network in addition to any benefit
provided by the increased amount of DER export they allow. These benefits could include
(but may not be limited to) deferral of network augmentation and/or maintaining network
reliability.

Such network benefits are not considered in the DNSP model or the CECV methodology
more broadly. However, it would be expected that the DNSP would include these benefits -
in quantified form where possible - as part of its regulatory submission.

The cost of the project that provides the additional hosting capacity

The cost of the project that provides the additional hosting capacity and the incremental DER
export is not an input required in the DNSP model. It is a key input to the cost-effectiveness
of the project, however, and will need to be provided by the DNSP as part of either a five-
year regulatory reset determination, or a RIT-D within a regulatory period.

10
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Wholesale market modelling to develop CECVs

Overview of the approach

Market modelling to quantify CECV

The CECV captures the value of additional DER export on the wholesale electricity market. The
NEM is an interconnected system where the real-time market is cleared on a 5-minute basis. In
the absence of strategic bidding, the market clearing price in a region reflects the marginal
resource cost of meeting regional demand. Additional DER export lowers the wholesale electricity
market cost as it reduces demand to be met by the centralised generation fleet. Due to the
interconnectedness of the NEM, the clearing price of region A could be set by a marginal
generator in region B. In this case, additional DER export in region A reduces the wholesale cost
in region B.

The value of DER export also depends on the underlying generation mix in the market. At midday
with a large amount of solar output, the marginal generator could be a coal plant that has relatively
low production cost. If there is sufficiently large renewable output relative to system demand and
online thermal plants are running at their minimum generation levels, the marginal generator
could even be a wind or solar farm with a production cost very close to zero. During early evening
periods, more expensive gas generators are often marginal due to low solar output and peak
system demand. As the NEM generation mix is expected to experience significant changes in the
coming years with more variable renewable energy (VRE) and storage displacing traditional
thermal generators, the value of additional DER export is likely to differ from what it is today.

Wholesale market modelling is required to assess the wholesale market benefit of additional DER
export due to the complexity of the market dynamics and the evolving market conditions and
generation mix in the future. We used PLEXOS to simulate the NEM wholesale market for this
project.

PLEXOS is a wholesale electricity market simulation tool that is widely used by NEM market
participants, governments and regulators. The Australian Energy Market Operator (AEMO) also
uses PLEXOS for its flagship Integrated System Planning (ISP) and Electricity Statement of
Opportunity (ESOO) modelling.

Modelling the marginal value of additional DER export
There are two options for modelling the value of additional DER export, as described below:

Option 1 - With/without Approach. Under this approach, one could run the model twice - the
first time using a without additional DER export case reflecting the current expected DER
export in region A, and then a second time using a with additional DER export case with a
DER alleviation profile (potentially at half-hourly level) aggregating up to X GWh per year.
The annual unitised CECV would then be calculated by dividing the total change in wholesale
market cost by the additional volume of DER export.

Option 2 - The Marginal CECV Approach. Under this approach, the CECV in each region is
estimated as the marginal value of supplying an incremental unit of demand in each region.
This approach is based on the assumption that an additional MW of DER export effectively
reduces regional demand by 1 MW and therefore reduces the need for 1 MW of centralised
generation (either in the same region or somewhere else in the NEM). In other words, the
marginal CECV in region A is the reduction in total wholesale market cost as the result of an
additional unit of DER export in that region. Most wholesale market modelling software
(including PLEXOS) can produce this data item as they “clear the market” at each modelled
interval. This is similar in function to AEMO’s NEMDE in real-time market operations.

11
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For this project, the with/without option has a significant drawback because it requires an explicit
assumption of an “alleviation profile” to represent the additional DER export. The alleviation
profile effectively needs to assume the amount of additional DER export at different time slices
corresponding to those used in wholesale market modelling. This would be a challenging task as
the actual alleviation profile will be dependent on the underlying DER technologies as well as the
location of DER curtailment. Essentially, calculating the CECV could not be done until the amount
of additional DER justified by it had been nominated.

Most DER export curtailment currently occurs from around midday into mid-afternoon, when
rooftop solar output is at its maximum. In the future, however, its timing could be shifted to other
periods due to the uptake of battery and EV, as well as the change in consumer behaviour. This
will likely change the alleviation profile, necessitating that the model to be re-run in order to
estimate the CECV.

The marginal CECV approach, on the other hand, does not require any assumed alleviation
profile for modelling wholesale market benefit. Instead, it produces a half-hourly schedule of
marginal value of additional export in each region and is a far more practical approach for use by
DNSPs. The resulting half-hourly data stream can be aggregated in the DNSP model to enable
downstream users to apply their own alleviation profile. This has the advantage of offering
maximum flexibility for downstream users to evaluate the benefit of enabling more DER export
that reflect the specific technological and locational characteristics. This is illustrated in Figure 2.

Figure 2: Regional CECV model and downstream use
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Cost-based modelling

The wholesale market modelling or this initial implementation of the CECV modelling has been
undertaken on a “resource cost” basis. This is consistent with the general approach used by the
AER in its other cost/benefit assessments (e.g., RiT-T), which evaluate the benefit of a project
based on resource cost rather than prices. Resource cost-based modelling means all analysis is
undertaken on the basis of costs and there is no consideration of strategic bidding.

12
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The SRMC for batteries requires some additional clarification given they are the main assets that
manage energy supply after coal closure. Once installed, they have close to zero running costs
each cycle apart from the energy loss associated with their round-trip efficiency. However, this
does not mean the opportunity cost of battery cycling is zero (excluding energy loss).

Batteries do have a limited number of cycles over their asset life, which means one cycle today
comes at the cost of one less cycle (and benefiting from energy arbitrage) at some point in the
future. Therefore, we have applied an gpportunity costfor cycling of batteries in our model, based
on the shadow price of their life-time cycle limits. This means that batteries are run for energy
arbitrage only if they recover the round-trip efficiency loss and a unitised cost of cycling.

Value streams included

Additional DER export could bring benefit to the wholesale market via three potential value
streams:

Energy dispatch cost
Essential System Services (ESS) cost
Investment cost

The treatment of each of these value streams is discussed below.

Energy dispatch cost

Energy dispatch costs are included in the estimated CECV in the wholesale market modelling.
As additional DER export displaces the need for utility-scale generation, it will generally reduce
the system-wide dispatch cost of meeting energy demand. This is captured in the market model
as it simulates the real-time market at each half-hour. 1

However, during low operational demand periods, additional DER export could also add cost to
wholesale system costs if the minimum generation level constraints of thermal units are binding.
The model captures this by effectively bidding the minimum generation level of coal plants at the
market price floor."" Given this, the model will charge battery and pumped hydro during low
demand or high renewable output periods to alleviate minimum generation level constraints.
ESS cost

As of FY2021-22, the only essential system services that are traded in the real-time market are
Frequency Control Ancillary Services (FCAS) including:

Three contingency raise services (6s, 60s and 5min)
Three contingency lower services (6s, 60s and 5min)

One regulation raise and one regulation lower service.

Est. 2008

Technically, this marginal benefit in each region is the shadow price of the regional demand supply balance constraint for
that half-hour.

The market price floor approximates the cost units are willing to pay in order to stay online.
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By late 2023, there will be two additional contingency services, including a very fast raise and a
very fast lower service, which will operate similarly to the current FCAS services with a response
time shorter than 6 seconds. While there are proposed rule changes on additional ESS such as
inertia'? or synchronous services markets'3, it is unclear when (and even whether) these markets
will eventually be introduced, and, if so, how DER would participate in them or be affected by
them.

FCAS requirements could lead to increased resource cost. For example, a cheaper unit might be
backed off to provide headroom and its reduced output replaced by a more expensive unit.

Our wholesale market modelling approximates the impact of the 8 FCAS services by applying a
single value for headroom (which represents a unit generating below its maximum available
capacity in order to be able to provide raise FCAS), and a single value for footroom (which
represents a unit generating above its minimum generation level in order to be able to provide
lower FCAS).

This approach avoids modelling individual FCAS services which is a computationally intensive
task due to the detailed physical limitations at unit level and will have a similarimpact on CECV. ™
Given the relatively small size of FCAS and the computational requirements, we adopted the
approximation approach and applied the following:

a NEM-wide headroom requirement of 944 MW (equal to the largest generating unit plus the
associated raise regulation requirement).

a NEM-wide footroom requirement of 570 MW (equal to the largest load plus the associated
lower regulation requirement).

In the future, large coal units will retire, and this will reduce the size of the largest contingency.
However, it is not clear how AEMO will respond to larger variability due to greater renewable
penetration including whether they will make any future adjustments in contingency and
regulation FCAS demand. In the absence of any definitive information on future FCAS
requirements, we have adopted a conservative approach by not changing the headroom and
footroom assumptions over the modelling horizon.

Investment cost

Generation and transmission investments are lumpy decisions, and their associated cost impacts
cannot be reliably estimated with the current marginal CECV approach. To fully quantify the
changes in investment outcomes would require a with/without approach described earlier that
makes use of an explicit alleviation profile for the wholesale market modelling and repeated runs.
This is not suitable for the application of the CECV as it is currently conceived (i.e., a value that
can be applied by DNSPs to calculate the value created by a specific project aimed at increasing
DER hosting capacity) and would add significant complexity to the process and uncertainty
regarding the resulting CECV itself.

12
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https://www.aemc.gov.au/rule-changes/efficient-provision-inertia

https://www.aemc.gov.au/rule-changes/operational-security-mechanism

For example, there are technical limitations on whether the same enabled headroom capacity can be used for multiple
raise FCAS. More details can be found at: AEMO, November 2021, “FCAS Model in NEMDE”, https://aemo.com.au/-
/media/files/electricity/nem/security and reliability/dispatch/policy and process/fcas-model-in-nemde.pdf?la=en
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From a practical point of view, currently DER curtailment mostly arises in the middle of the day
when solar output is high. To the extent that alleviating DER curtailment might reduce investment
in utility scale solar, it would represent an investment cost saving. On the other hand, additional
midday DER export could potentially increase the need for utility scale battery, which would show
up as a net cost. Overall, we expect the investment impact to be small due to two reasons:

Between now and the medium term, DER curtailment mostly occurs when there is an
abundance of system generation and/or low system demand (i.e., high solar output period).
The periods in which additional generation capacity is needed are often after dark where
curtailment of most of the DER currently and expected to be in place is unlikely.

The amount of DER curtailment is small relative to the system generation.

To be clear, we acknowledge that there could potentially be some avoided investment cost due
to additional DER export, although this value is likely to be small if curtailment alleviation primarily
occurs during periods of zero wholesale generation costs. It is necessary to have accurate
information on the shape of the alleviation profile at the regional level before one is able to reliably
estimate the avoided investment cost. Using an unrealistic alleviation profile could lead to a
grossly inaccurate estimate of the avoided investment cost, which could result in the DNSP
project not providing the up[stream benefits anticipated while the cost of the project would be
passed on to end consumers.' Given the expected small investment cost, the impossibility of
determining the alleviation profiles that will pertain within each region and the benefit of allowing
downstream users greater flexibility in applying their own alleviation profiles, we have chosen the
Marginal CECV Approach and focused on estimating energy dispatch and ESS related costs. As
a result, our modelling has not included investment related costs.

Modelling scenarios, assumptions and inputs

Our modelling scenario and inputs are based on AEMO’s draft ISP 2022 Step Change. Out of the
four scenarios in the draft 2022 ISP, Step Change has been voted by stakeholders (i.e., market
participants, consumer groups, governments, and network businesses) to be the most likely

All inputs from our wholesale market model are sourced from:

The relevant 2021 Inputs and assumption workbook'” containing modelling inputs for the

AEMOQO’s demand, wind and solar traces used in the ISP and ESOO
AEMO’s February 2022 generation information.

Given we are doing dispatch modelling, we have used the following group of inputs:
Existing and committed unit capacity

Existing and new entrant plant operating characteristics

For example, a flat alleviation profile that is always active during a certain period everyday regardless of the underlying
demand and weather patterns would grossly overestimate the investment benefit, as it overstates the amount of rooftop
PV export alleviation during low solar output (and high wholesale market cost) periods.

https://aemo.com.au/-/media/files/major-publications/isp/2021/2021-inputs-and-assumptions-workbook.xlsx?la=en

3.3.
3.3.1. ISP 2022 Step Change

future scenario.®

2022 draft ISP

15
16 AEMO, Draft 2022 Integrated System Plan, p 30.
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1 Fuel prices
1 Demand, wind and solar traces
[ Intra- and inter-regional transmission capacity.

The changing generation and transmission mix will significantly impact the marginal cost of
meeting demand (and hence marginal CECV) at different times of the day in the future. We have
incorporated new transmission and generation capacity from the draft 2022 ISP, which is
discussed in more detail below. The two other key drivers for the results are:

1 Fuel prices, at least in the short to medium term where thermal generation makes up a
material proportion in the generation mix

[ Time-of-day system demand shape.

We briefly discuss these two items in the remainder of this section.

Average time-of-day demand shape

We used the same modelled trace (termed “OPSO_Modelling”) that AEMO used in its draft 2022
ISP'8, AEMO explains that the traces represent operational sent-out demand plus coordinated
EV charging (which is treated separately to operational demand). The average modelled demand
shape for all regions in the NEM for selected years are shown in Figure 3 to Figure 7.

In general, the demand patterns in all NEM regions follow a similar trend. That is, midday demand
continues to fall until mid-2035 due to the penetration of rooftop PV. The falling midday demand
stabilises after mid-2035 due to increased mid-day load from coordinated EV charging. Outside
solar output periods, however, there is consistent demand growth over the modelling period.

Figure 3: NSW average time-of-day modelled demand
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https://aemo.com.au/energy-systems/major-publications/integrated-system-plan-isp/2022-integrated-system-plan-
isp/current-inputs-assumptions-and-scenarios, accessed on 4" March 2022.
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Figure 4: Queensland average time-of-day modelled demand
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Figure 5: Victoria average time-of-day modelled demand
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Figure 6: SA average time-of-day modelled demand
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Figure 7: Tasmania average time-of-day modelled demand
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Coal and gas prices for selected power stations are shown in Figure 8 and Figure 9. As thermal
generators are still major energy suppliers in the early years of the analysis horizon, fuel prices
will have some material impact on the marginal cost of meeting demand and hence the value of
CECV. In later years, with more baseload thermal leaving the market, the impact of fuel prices
on CECV is less material.

Figure 8: Draft 2022 ISP coal prices for selected plants
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Figure 9: Draft 2022 ISP gas prices for selected plants
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3.3.3. New generation and transmission investment

As discussed, we have adopted AEMO’s modelled capacity expansion outlook from its draft 2022
ISP Step Change scenario, which includes new transmission and generation build as well as coal
retirement.

Figure 10 on the following page, which is reproduced from the draft 2022 ISP, summarises new
transmission projects in the optimal development path. The transmission projects in the draft
2022 optimal development path include major renewable energy zone development as well as
intra- and inter-regional transmission capacity augmentation projects. More information regarding
these projects can be found in Appendix 5 of AEMQO’s 2022 draft ISP.°

Est. 2008

AEMO, Draft 2022 Integrated System Plan, Appendix 5, Network Investments.
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Figure 10: ISP 2022 Draft Optimal Development Path
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In terms of generation outlook, the draft 2022 ISP Step change scenario predicts more than 70%
of the existing coal units will retire in the next 10 years, with the last coal units leaving NSW,
Queensland and Victoria in 2040, 2043 and 2033 respectively. We have used the ISP’s Step
Change coal retirement path but have also included the NSW coal retirement announcement in
February 2022. That is, all Eraring units are assumed to retire from FY 2024-25 and all Bayswater
units are assumed to close from FY 2032-33. The retirement path from the Step Change scenario
as adjusted for the February 2022 Eraring and Bayswater announcement is shown in Figure 11.

Figure 11: Coal retirement path
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Source: Draft 2022 ISP Step change coal retirement plus Feb 2022 announcement

The Step Change scenario also predicts more than 90 GW of new renewable capacity (including
utility wind and solar and distributed PV), and more than 40 GW of storage (utility and distributed)
will enter the market by FY2039-40. Given the retirement of baseload thermal units, storage plays
an increasingly important role in shifting energy from high renewable output periods to times with
low wind and solar availability. Due to the opportunity cost of storage cycling, this will lead to
greater intra-day price spread.
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Figure 12: Installed NEM generation capacity - Draft 2022 ISP Step Change
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Model setup

The dispatch model runs for twenty years, from FY2022-23 to FY2041-42. The model is
dispatched at half-hourly granularity?? using an algorithm similar to AEMO’s real-time dispatch
engine (NEMDE). Consistent with common market modelling practices, the algorithm is
appropriately adapted to ensure storage and other energy constraint plants (e.g., hydro) are
dispatched to minimise total system cost?! for the whole modelled year. This includes dispatching
the modelling with a one-week binding solution plus a one-week look ahead horizon?? to ensure
optimal storage charge/discharge decisions at the backend of the one-week solution period.

We have undertaken a single simulation with POE50 demand, reference year FY2018-19
demand and VRE traces, and average derating based on expected forced outage rates (EFOR).
The model could alternatively have been setup to use a mixture of POE10/50 demand, multiple
reference years and randomised forced outages at unit level, but this would materially increase
the computational time and resource requirements. We briefly comment on the individual
simulation elements below:

20

21
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The us of 5-minute simulation would face additional constraints due to the lack of AEMO forecast demand and VRE traces
at that level of granularity. One would have to generate these data in the absence of any AEMO forecasts. The
inaccuracies introduced in generating these data might outweigh any improvement in outputs. In any case, sub-half-
hourly CECVs would only have benefits to CECV users if either (a) their alleviation profiles were also at the 5-minute
level, or (b) the 5-minute prices could be expected to produce materially different CECVs for the characteristic days that
are discussed in Section 4.3.2.

Total system costs include the costs incurred in providing energy and FCAS.
That is, the optimisation problem spans a rolling “two-week” horizon. The solution (including the marginal CECVs) for
week 1 is binding. The solution for week 2 is not used, but the second week is included so the model can look ahead and

optimally manage storage levels at the end of the first week. The model then moves on to solve week 2 while looking
ahead to week 3, and so on.
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POE10 demand would be important for reliability modelling or studies where scarcity pricing
due to strategic bidding is the key focus. Given the fact that this modelling project is resource
cost-based, using a weighted average between POE10 and 50 demand will not significantly
alter the marginal cost of CECV. The impact of POE10 demand will be further diluted to the
extent that the half-hourly CECVs are further aggregated into less granular time slices to
facilitate use of the data by DNSPs.23

We have chosen average EFOR-based derating instead of the alternative approach that
applies randomised forced outages at individual unit level, because the latter would require
us to run dozens if not hundreds of simulations with different forced outage traces. If the
number of simulations is too small, there is a risk that an “unlucky” outage draw with multiple
units offline will lead to high CECV for some periods.

Reference year FY2018-19 data is chosen for this study because, at the time of undertaking
our modelling, this is the most recent reference year with complete traces for modelled
existing, committed and new entrant VRE plants. Modelling multiple reference years is
possible but would accordingly increase computational time and requirements.

Modelling output

This section presents the key output of the wholesale market modelling. Figure 13 shows three
different measures of averaging half-hourly marginal CECV for each region from FY2022-23 to
FY2041-42 inclusive.:

Simple average CECV across time (TW avg CECV) - This is the equivalent to the annual
average marginal cost of meeting demand in each region in a resource-cost based model.

Average CECV by rooftop PV generation (RfPV weighted avg CECV)

Average CECV by assuming curtailment occurs at top 1% rooftop PV generation (Top 1pct
RfPV curtail weighted avg CECV) - This is a proxy of additional DER export value if extra
export is enabled by an equal, positive amount during top 1% of rooftop PV output periods,
and 0 otherwise.

23
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The use of aggregated CECV information and its impact on the ease of use of the CECVs by DNSPs is discussed in
Section 4. It is also worth noting that the POE10 trace differs from the POE50 trace to the extent that its peak is stretched
higher to meet the demand that corresponds to the POE10 forecast. The rest of the POE10 demand points are adjusted
to make sure total energy remains the same as in the POES50 trace. In other words, the POE10 trace is not a “more
accurate” trace than POES0. Its main purpose is for reliability forecasting, and to a more limited extent, forecasting peak
prices where generators can exercise transient market power in high demand periods.
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Figure 13: Annual time-weighted average marginal CECV
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The three approaches to aggregating marginal half hourly CECV values give different effects:

The time-weighted average CECV is generally increasing over the modelling period. This
increase arises as thermal baseload capacity is replaced by renewable and in particular
storage plants over time (as determined in the ISP) resulting in increased exposure to storage
each day. Dispatch of storage is modelled at the most efficient time of day and takes the
value of the alternative generation. Over time the modelling shows that in the 2030s
occasions of periods of low renewable output that are heavily reliant on storage dominate
cost.

The rooftop PV generation weighted average CECV, on the other hand, is declining over the
modelling period. This is because in the future, more solar PV (including rooftop) output
drives down midday wholesale cost further. (See also Figure 14.) The stronger negative
correlation between solar output and wholesale cost means solar output weighted average
CECV becomes lower - a situation of diminishing return.

The average CECV under a “proxy alleviation profile” at top 1% of rooftop PV output declines
even faster than the previous measure. By assigning a positive weight only at the highest
rooftop PV output periods, the negative correlation between output and wholesale cost is
even stronger. This approach delivers a conservative forecast of CECV as all else being
equal it focusses on peak values and does not consider shoulder times

We note that the above observations are for illustrating the importance of timing of alleviating
DER curtailment and their correlation with wholesale market costs. The actual CECV in any given
application will depend on the timing of curtailment (i.e., the alleviation profile).
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Figure 14 shows the time-of-day average CECV by season for each region and for selected
modelled years. In general, the intra-day spread of the CECV increases over the modelling period
for all NEM regions, reflecting greater reliance on the arbitrage activity of storage plants to move
midday (and to a lesser extent overnight) excess generation to evening peak. There is a steady
decline of marginal generation cost, and consequently CECV, during midday in all seasons for
most of the modelling period. The declining trend, however, is slightly reversed from late-2030 as
midday EV charging increases day-time load (see Figure 3 to Figure 7).

Figure 14: Time-of-day average CECV for selected years
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The time-of-day CECV is also supported by the underlying seasonal generation and storage
operation pattern, as shown in Figure 15 to Figure 19 for selected years for all NEM regions. Over
the modelling period, as baseload thermal generators retire, there is greater reliance on storage
operation (battery and pump) to transport energy across time. Over time, the increasing
abundance of solar generation depresses midday prices, and the opportunity cost of cycling for
storage plants starts to be the dominant driver of intra-day wholesale cost spread.
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Figure 15: NSW time-of-day average generation and storage operation
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Figure 16: QLD time-of-day average generation and storage operation
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Figure 17: Victoria time-of-day average generation and storage operation
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Figure 18: South Australia time-of-day average generation and storage operation
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Figure 19: Tasmania time-of-day average generation and storage operation
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Potential future improvements

We have proposed a wholesale market modelling methodology that considers the materiality of
factors impacting the CECV and whether the estimation of these factors is both practical and
understandable. Given the current lack of information on alleviation profiles at regional level, our
marginal CECV approach also has the benefit that it does not require any explicit alleviation
profile for the wholesale market modelling, which gives downstream users great flexibility in
applying their own alleviation profile that reflects the appropriate locational and technology mix.

A trade-off in using the marginal CECV approach is that it is not well-suited to estimating the
investment cost impact of additional DER export. Given the current market condition, we consider
dispatch related (energy and ESS) costs will be the dominant components and have designed
our proposed methodology accordingly.

As discussed earlier, we acknowledge that there could potentially be some avoided investment
cost due to additional DER export. However, to accurately quantify this cost component requires
accurate information on the alleviation profile at the regional level. An unrealistic alleviation profile
could lead to grossly inaccurate estimate of the avoided investment cost and add additional costs
on end consumers. The investment cost component could be incorporated as part of the market
modelling in the future if accurate information is available on the aggregated, net system wide
alleviation profile that would be provided by the alleviation projects being considered. This would
be a cumbersome and complex task. Given this might also introduce significant limitations on
downstream applications, we consider this should be adopted only if:

1 There is strong evidence that additional DER export will significantly alter the investment
outcome in the utility sector, and

1 There is greater clarity regarding the appropriate alleviation profile at the regional level, or at
least at the DNSP level.
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In this project we have used single headroom and footroom quantities to approximate the raise
and lower requirements across all FCAS services. This is done partly due to the computational
strain of modelling individual FCAS services and their interactions. In our opinion, the
approximation is adequate for estimating the impact of FCAS on wholesale market dispatch cost.
However, the AER should consider monitoring the development of the FCAS markets in the next
few years to assess whether a more detailed representation of FCAS (and potential new ESS
markets) should be adopted in future assessments. Some of the key areas of development that
might increase the ESS service participation by DER include:

New ESS such as Fast Frequency Response markets (which will commence in October
2023) and potential new services such as Inertia (currently under a rule change)

New technological and regulatory development that might facilitate participation of DER such
as Dynamic operating envelope, EVs and home energy storage.

The implications of these developments are also considered in the next section of this report
which discusses the model that is to be constructed for use by DNSPs in determining the
upstream value of the projects they are proposing to increase DER hosting capacity.
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DNSP model for estimating the benefit of the incremental DER export
enabled by DNSP projects

Purpose of the DNSP model
The overarching purpose of the DNSP model is two-fold:

1 Allow DNSPs to estimate the CECV (i.e., the wholesale market value) that is provided by a
proposed network investment that increases the amount of hosting capacity on their network;
and

1 Assistthe AER to review the key inputs that DNSPs have relied upon to support the economic
efficiency of their network investments to increase export services (‘hosting capacity').

Like any model, there will be a trade-off between accuracy and simplicity. We have kept this in
mind when considering the options for how to construct the DNSP model.

Key conceptual components of the DNSP model

Figure 20 provides an overview of the DNSP model. The following paragraphs within this section
describe the main components of the model; Section 4.3 provides information on the three modes
in which the DNSP model can be used, and the inputs required from the DNSP user in each case.

Figure 20: Overview of the DNSP model
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The CECVs that are the output of the market modelling described in Section 3 above are one of
the primary inputs to the DNSP model. They are housed as a set of half-hourly values for each
year of the analysis horizon for each NEM region.

As outlined in subsequent sections, DNSPs have the choice of using that half-hourly data directly
or using more aggregated data that is pre-processed within the model. This aggregated, pre-
processed data is framed around what we are describing as ‘characteristic days’ which are
explained in Section 4.3.2.

In either case, the CECVs comprise the basic building block within the DNSP model.
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4.2.2. Alleviation profile

An alleviation profile provides the amount and timing of additional electricity that can be exported
to the electricity grid because of the expenditure in hosting capacity that the DNSP is proposing.

Our conceptualisation of an alleviation profile does not involve the DNSP simply developing one
single figure per annum (e.g., project X will result in an additional 10,000kWh per annum being
exported to the grid). Rather, our conceptualisation of an alleviation profile is one that reflects
some time differentiation, whether it be by season, time of day, or broader supply / demand
conditions (i.e., conditions that determine whether curtailment would have occurred under the 'do
nothing' approach), and one that changes over time as the penetration of DER grows.

The time dimension(s) to be used are discussed in more detail in Section 4.3.

Figure 21 provides a graphical representation of the main factors that need to be considered by
the DNSP in creating the alleviation profile applicable to each hosting capacity investment case.

Figure 21: Factors that are likely to need to be considered in developing the alleviation profile
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The following table provides more detail on each of the factors shown above.

Table 1: Factors that are likely to determine the alleviation profile of DNSP hosting capacity enhancement

projects
Factor How it affects the DNSP's proposed alleviation profile
Current and o Existing DER penetration affects the existing level of headroom available within the
forecast DER network for the export of DER

gﬁge;;atgggélslzes The forecast penetration of additional DER (and the size of these systems) will likely be a

(unconstrained) key determinant of how quickly (and the specific times at which) any existing headroom will
export (DER use be used up, thereby influencing the amount and timing of curtailment that would be

casels) expected to be needed, absent any investment by the DNSP to increase hosting capacity

o For example, the forecast number of behind-the-meter (BTM) batteries (and how they are
operated) will likely influence the amount of solar that, absent any network constraints,
would be generated and available, net of the host facility’s electricity needs, to be exported
to the grid
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Factor

New and evolving
tariffs and price
signals

Current network
hosting capacity

Curtailment profile

Characteristics
(and costs??) of
the project being
proposed to
increase hosting
capacity
(Investment
Case).

How it affects the DNSP's proposed alleviation profile

e Solar sponge tariffs and/or two-way pricing or other price signals that are in place or are to
be introduced over the analysis horizon could reduce the need to curtail energy by
incentivising more internal consumption or less export during periods where curtailment
may otherwise have been required. Such developments should be taken into account in
the development of the expected alleviation profile

e The amount of export that can be accommodated in each specific part of the network will
be limited by the capacity of the local network and available controls

e That amount will vary over time based on the amount of electricity that is trying to be
exported and other aspects of the electrical environment in the area, such as voltage levels
and the location from which the export is seeking to access the network

e This is the amount and timing of the curtailment that would be expected to be needed
based on the current hosting capacity in the network and the export potential of existing
and forecast DER systems

e The nature of the project and operating practices being proposed by the DNSP will have a
significant impact on how much of the export that could be made available by existing and
forecast DER systems will actually be able to be exported and how much may still have to
be curtailed

o For example, if the project results in the inherent export capacity of a part of the network
increasing from 5kW to 7kW, curtailment may still be needed at those times when the
average export available exceeds 7kW. The alleviation profile should consider situations in
which the additional hosting capacity may not be sufficient to accommodate all available
export

Source: OGW

DER use cases

Different configurations of DER (use cases) will have different implications for the development
of an alleviation profile. DER use cases include (but may not be limited to in the future):

Rooftop PV that does not have communications and external control capabilities, which
represent the vast stock of the rooftop PV systems that have been installed to date

BTM battery storage that does not have communications and control capabilities (whether
standalone or coupled with a PV system without communications and controls)

Rooftop PV with communications and controls (i.e., export can be turned off/on remotely)

Orchestratable BTM battery (with or without PV)

Non-orchestratable EV (import only)

Orchestratable EV and EV2G.

Each of these types of DER is likely to entail a different amount and, more importantly, time profile
of, import and export requirements on the local network. However, for the purpose of the DNSP
model, DER use cases can be conceptualised as falling into one of two key categories: those
whose export are readily controlled, and those whose export are not readily controlled.

Est. 2008

Not needed for the DNSP model but will be relevant in considering the overall cost-effectiveness of the investment case.
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Rooftop PV and BTM battery storage systems that do not have communications and controls -
whether separately or in combination with one another - are the most important DER types in the
‘not readily controlled’ category.?> They and rooftop PV with communications and controls are
the types of DER types that are most easily analysed using the initial version of the DNSP model.
They are also the types of DER that are most common today.

Because the times they are likely to export - and the conditions that determine the amount they
are likely to export in a given local area (i.e., the level of irradiance and the level of underlying
demand at the facility level in the local network area) can be predicted with some accuracy, the
impact of network actions to accommodate the export of these types of DER can be estimated
and planned.

By contrast, orchestration of DER (for example via arrangements with a VPP or some other
agent) is generally undertaken to take advantage of favourable price signals offered anywhere in
the electricity supply chain. Because some of these price signals are based on conditions that
cannot readily be foreseen (e.g., wholesale market price spikes or need for frequency control)
they are likely to result in mass changes in import/export behaviour unrelated to local network
conditions. As was discussed in Section 2.2, analysis of the upstream value that the enablement
of export at these times could provide would require a different type of analysis of the wholesale
market (most importantly, such an approach would need to consider a range of price signals
within the upstream electricity supply chain as the trigger for these exports, rather than just
wholesale electricity production costs). A different level of network analysis might also be needed.

Consideration should be given to whether and when specific formats should be developed and
provided in the model for the analysis of orchestratable DER. However, as discussed in section
4.3.1 below, the model's half-hourly values option can be used to develop alleviation profiles (and
therefore aggregate CECVs) for essentially any DER use case.

Options for use

The DNSP model includes three broad approaches that the DNSPs (and the AER) can use to
calculate the value of incremental export from a local area or system-wide project aimed at
increasing DER export. These are described below, but it should be noted that different options
can be used for the various projects that a DNSP is proposing.

Option 1: Half-hourly values

How it works

This involves multiplying each half-hour CECV available from the wholesale market modelling
(representing the forecast marginal cost of generation in that half hour) by the amount of
additional energy that is assumed to be able to be exported to the grid as a result of the DNSP's
proposed investment.

To enable this the DNSP model contains a string of half-hourly marginal generation values for:
Each forecast year of the analysis period

In each NEM region.

Est. 2008

They have been termed ‘not readily controlled’ rather than ‘non-controlled’ because they can be affected by general
electrical conditions in the local network. For example, high voltage in the local area can trip off the inverters of these
systems. The key factor is that this type of control cannot be used to control individual systems.
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The total wholesale benefit ascribed to a hosting capacity project will simply be the amount of
alleviation (kWh) enabled by the DNSP’s proposed project in each half-hour period (which would
be input to the model by the DNSP), multiplied by the relevant half-hourly value for that period,
summated across all half hours (and then NPV'd). The DNSP model will automatically undertake
this calculation from the two strings of half-hourly values and summarise the outputs.

Where the project's life exceeds the forecast time horizon of the wholesale modelling (i.e., 20
years), the model will calculate (or allow the DNSP to include) a terminal value based on the
approach set out in Section 4.4 below.

Required inputs from the DNSP

DNSPs will be required to input the amount (kWh) of alleviation (curtailment relief) provided by
the investment in each year, by half-hour period. The DNSP will also need to select their region
and input the relevant project life.

Advantages and disadvantages
The advantages of this option are that:
It provides DNSPs with the flexibility to develop their own alleviation profile in detail

While this may be advantageous with regard to the alleviation of curtailment of export from
rooftop PV systems, this functionality also allows the model to be used to develop an
alleviation profile for virtually any DER use case. To do so the DNSP will need to identify the
hours in which the alleviation would occur and then specify the amount of incremental export
that would be enabled by the proposed project in those half hours.

It requires no material post-processing of wholesale outputs prior to these figures being
inputted into the DNSP model.

The disadvantages of this option are that it:

Does not provide the DNSPs with all of the factors that drive the wholesale market values,
some of which are also likely to drive the occurrence (and amount) of PV curtailment needed.
For example, the amount of BTM PV production assumed in the market modelling will affect
the half-hourly wholesale cost outcomes, as well as the level of curtailment. Absent the DNSP
taking account of this information in the development of their alleviation profile there is
potential for the alleviation profile to be misaligned with the half-hourly wholesale market
values.

Is labour intensive for:

DNSPs, as they will be required to develop a detailed alleviation profile by half hour
across the entire analysis horizon

The AER to review all the detailed inputs that will have been used by the DNSP in
developing that alleviation profile. In particular, it will be difficult for the AER to review the
robustness of the DNSP's alleviation profile (e.g., given the amount of data required to
be considered and inputted by the DNSP and the significant amount of flexibility this
method provides).

4.3.2. Option 2: Characteristic days

Est. 2008

How it works

Wholesale values areaveraged and aggregated across a set of ‘characteristic day’ types (and
hours within those days) that comprise the conditions under which curtailment is likely to be
required absent the DNSP’s proposed investment.
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The objective of aggregating the wholesale data to ‘characteristic days’ is to (hopefully) make it:

More manageable for DNSPs when it comes to conceptualising the impact of their investment
case, as this only needs to be done by ‘characteristic day’ type, rather than by all half-hours

More readily and intuitively understandable for third-party stakeholders to review information
contained in the model and DNSPs’ regulatory submissions

Easier and less time consuming for the AER to review the inputs used by the DNSP.

The first task in developing this option in the model was to conceptualise a suite of characteristic
days on which curtailment would be expected to be required.

It should be noted that the characteristic day types that are currently resident within the model
have been defined in reference to projects that would be undertaken to alleviate the curtailment
of export from rooftop PV systems. These ‘day types’ could comprise a combination of any
number of different parameters or values/levels for different parameters, however the parameters
to be used must:

Bear some relationship to the likely level of PV curtailment, absent the proposed investment
being made by the network business (and therefore, the resulting alleviation profile,
assuming the investment were to be undertaken), and

Align with relevant information that is contained in the wholesale modelling.

In relation to the latter point, it must be noted that there is no use defining a suite of characteristic
days using parameters that are not in fact contained in, or able to be related to, the PLEXOS
modelling itself. An example of this would be the level of demand in a particular sub-region or
local area. Clearly, underlying demand in the specific location where a hosting capacity project
is being considered will be an important determinant of whether and how much curtailment might
actually occur on any given day. However, from a practical perspective, only regional demand,
not local demand, is an input into (and so available from) the PLEXOS model. Therefore,
operational demand at a regional level needed to be used in the model as a proxy for local
demands demand in the development of characteristic days.26

The characteristic day types within the model reflect the two parameters that are considered to
be most likely to affect the alleviation profile and for which information is available in the data
used in the wholesale market modelling:

The level of demand at a regional level (as a proxy for the relative demand at the specific
location where the project is being proposed), and

The level of BTM solar PV generation at a regional level (as a proxy for the estimated level
of production of BTM PV at the specific location where the project is being proposed).

A high, medium and low level is provided for each of the two factors, resulting in there being nine
characteristic day types within the model. The User is able to define the thresholds for the three
levels of each of the factors. The User can also select the hours during which alleviation will be
provided by the project it is proposing.

The model automatically calculates and reports for each region and for each year of the analysis
horizon:

The number of days that each type of characteristic day occurs

26
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Option 1 would allow the DNSP to reflect local area demand in the development of both its curtailment and alleviation
profile, but as noted above, this would require the DNSP having forecasts of local area demand and potential DER export
that are sufficiently robust to support construction of the half-hourly alleviation profile.
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The average marginal cost of wholesale electricity on each type of characteristic day.

Tables 2 and 3 below provide examples of the output of the model for two different characteristic
days.

Table 2: Example of model output for a High Solar output, Low Demand characteristic day

Average price in middle of the day based on High Solar Output and Low demand

Summer Autumn Winter Spring
$ 2332 § - % 2451 $ 23.44
$ 2426 $ 2555 § 2540 $ 22.19
$ 2312 $ 2449 $ 2251 $ 19.32
$ 2342 $ 2219 $ 16.02 $ 14.33
$ 2477 $ 2635 $ 2008 $ 15.09
$ 16.63 $ 2299 $ 13.06 $ 6.54
$ 928 $ 1728 $ 596 $ 131
$ 273 % 930 $ 494 3 0.37
$ 138 $ 592 3 370 $ 0.16
$ 087 $ 568 $ 397 % 0.51
$ 014 $ 383 % 220 $ -
$ 016 $ 1001 $ 833 $

$ 017 $ 1025 $ 717 3 -
$ 013 % 1001 $ 175 % 0.27
$ - $ 216 $ 069 $ 0.09
$ $ 050 $ 138 $ -
$ $ - % 108 $

$ $ 697 $ 373 % -
$ $ 488 $ 012 $ 0.09
$ $ 048 $ - 8 0.03
$ - $ - $ 1377 $ -
$ 716 $ 994 3 859 $ 4.94
Source: OGW
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Table 3: Example of model output for a Medium Solar Output, Low Demand characteristic day

Average price in middle of the day based on Medium Solar Output and Low demand

Summer Autumn Winter Spring
$ 2541 $ - % 2585 $ 23.45
$ 2542 $ 26.65 $ 26.60 $ 22.38
$ 2339 § 2453 $ 2330 $ 19.33
$ 2381 $ 2290 $ 19.07 $ 17.81
$ 2432 $ 2758 $ 2299 $ 15.60
$ 1444 % 27171 $ 1930 $ 11.44
$ 717 % 2388 $ 1015 $ 2.55
$ 554 $ 1293 $ 858 $ 0.03
$ 460 $ 1188 $ 671 $ 0.12
$ 300 $ 1368 $ 717 % 0.29
$ 086 $ 1085 $ 399 3 -
$ 170 $ 1004 $ 941 %

$ 136 $ 894 $ 1291 $

$ - 8 757 % 1065 $

$ 032 $ 6.04 $ 756 $

$ 016 $ 185 $ 702 3

$ - 8 026 $ 848 $

$ $ 040 $ - 8

$ $ 409 $ $

$ $ 123 $ - 8

$ - $ 006 $ 4025 $ -
$ 769 $ 1158 $ 12.86 $ 5.38
Source: OGW

For the avoidance of doubt, the creation of ‘characteristic day’ values does not change the raw
CECVs (i.e., the half hourly data) that come from the wholesale market modelling outputs, and
which will still be stored in the DNSP model, if the DNSP wishes to use Option 1.

Rather, the specification of characteristic days simply allows the User to input into the model an
alleviation profile that is more highly aggregated (i.e., kWh by characteristic day type by year)
than would be required in Option 1 (i.e., kWh by every half hour by year). This then allows the
amount of curtailment alleviated by the investment case for that day type in each year (provided
by the DNSP) to simply be multiplied by the relevant average wholesale market value for that day
type in each year over the analysis horizon.

Like the raw wholesale modelling outputs, data on each of the characteristic days is reported by
NEM region and year within the model. Characteristic day information can also be categorised
(and therefore aggregated up) by:

Time of day when solar curtailment will generally occur (e.g., 12pm to 3.30pm, with the
specific times able to be selected by the DNSP)??

Season (i.e., different results would be presented for summer, autumn, winter and spring)

Est. 2008

Meaning that wholesale market values that are outside of this period are not included in the ‘characteristic day’ analysis.
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[ Static limits on PV export (e.g., 5kW, 4kW, 3kW, which can be input into the model on a
project-by-project basis). It should be noted that the specification of a static limit will exclude
all days where the maximum rooftop PV production (in the wholesale modelling) does not
reach that limit (e.g., a 5kW static limit will exclude all days/results where the maximum
average PV production on the day is less than 5kW). Figure 22 provides a conceptual
illustration of this.

Figure 22: lllustration of how incremental export above a current or new static limit is modelled

New Static kW Limit

Avg. Max.
PV Export

Day
Excluded because not curtailed at present

Included because curtailment would be alleviated by the project

. Excluded because export would be curtailed by new static limit

Source: OGW

The specification of the current limit on export allows wholesale market outcomes for different
types of characteristic days to be better aligned to the static export limits the DNSP may currently
have in place in a region, the removal (or at least relaxation) of which may be the core benefit of
a proposed investment. For example, if a DNSP is proposing to undertake a project that will allow
it to remove its existing static export limit of 5kW, they could choose the run the model with a SkW
static limit, knowing that all days where modelled PV never reaches that level will automatically
be excluded from the results.28

The following figure outlines the results for the NSW region, if all days when PV capacity is
expected to not reach 5kW are excluded from the dataset.2®

28
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This is because where PV production never reaches the static limit threshold on a particular day, no curtailment will have
taken place in any case, so no alleviation will be produced by the proposed increase in hosting capacity.

For the avoidance of doubt, the model requires an estimate of the average PV system size to be inputted, as this allows
the model to determine whether a static limit is breached.
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Table 4: Results in NSW for days above a 5kW static limit

Average TWP Above Static Limit (Middle of Day)

Yearly Summer Autumn Winter Spring
$ 2459 $ 2591 $ - 3 - 3 23.44
$ 2659 $ 2882 $ 27162 $ 2336 $ 22.52
$ 2461 $ 2783 $ 2643 $ 2290 $ 19.91
$ 2179 $ 2655 $ 2251 $ 1981 $ 15.33
$ 2262 $ 28.04 $ 2601 $ 2242 % 15.35
$ 1781 $ 2528 $ 2060 $ $ 7.89
$ 1133 § 1714 $ 1729 $ $ 1.83
$ 652 $ 1034 $ 990 $ $ 0.52
$ 622 $ 1150 $ 503 $ $ 0.09
$ 576 $ 1127 $ 470 $ $ 0.14
$ 432 $ 783 $ 638 $ $ =
$ 456 $ 6.78 $ 6.60 $ $ 1.26
$ 446 $ 699 $ 6.14 $ $ 1.04
$ 33 §$ 59 $ 438 $ $ 0.04
$ 456 $ 1007 $ 126 $ $ 0.02
$ 317 $ 698 $ - 8 $ 0.02
$ 170 $ 377 $ - 8 - $ =
$ 031 $ 053 $ 018 $ 140 $
$ 076 $ 161 $ $ 056 $
$ 132 $ 29 $ $ $
$ 051 $ 0.67 $ - $ - $ =
$ 937 $ 1271 $ 881 $ 431 $ 5.21
Source: OGW

CECV Methodology

14 June 2022
Final Report

Table 5 shows an example of the information the model can provide about the humber of days

when PV capacity are expected to exceed a specified static limit.
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Table 5: Number of days in NSW above a 5kW static limit

Total # of days based on above static limit
Summer Autumn Winter Spring
7.00 - - 8.00
23 5 1 13
25 6 1 19
28 6 1 21
31 4 1 25
30 5 0 24
34 7 1 24
34 6 1 24
33 7 1 26
3 7 1 28
34 5 1 29
34 9 1 27
35 7 1 28
34 9 1 29
32 8 2 31
33 6 2 32
32 8 1 30,
36 8 2 30,
36 9 3 30,
34 9 3 31
22 7 0 0
638 138 25 509
Source: OGW

If the DNSP were instead proposing a project that was expected to increase the existing static
export limit from 5kW to 7kW, the model could be run for both static limits, with the difference in
results between the two (average price * number of days) being used as the basis for estimating
the incremental upstream benefit provided by the change in static limit.

The characterisation of days as high/medium/low demand days and high/medium/low PV
production days is based on statistical thresholds (POEs/percentiles). The model allows the
DNSP to insert these thresholds. As initially constructed, we have used the 80" percentile as the
‘high’ threshold, and the 20™ percentile as the ‘low’ threshold, with everything in between
categorised as ‘medium’. The distributions that are calculated are specific to each season within
each year in each NEM region.

Required inputs from the DNSP

The DNSP is required to input the total additional energy (MWh) it forecasts to be exported
annually as a result of each proposed project. This forecast will need to be made for each
characteristic day type for each year.

This will then be multiplied within the model by the average marginal wholesale market production
cost for that characteristic day type in that year to determine the overall upstream benefit for that
incremental export. The is illustrated in the figure below (using a mock alleviation amount in each
year).
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Table 6: Example of Option 2 inputs and model outputs for a single characteristic day

Alleviation in the middle of the day on High Solar Outputand| Average price in middle of the day on High Solar Output | CECV in middle of the day on High Solar Output and Low
Low Demand Days (MWh) and Low Demand days Demand Days
Summer Autumn Winter Spring Summer Autumn Winter Spring Summer Autumn Winter Spring
2021
2022] $ 2332 % - 8 2451 $ 23441% $ $ $
2023] $ 2426 $ 2555 § 2540 $ 2219|% $ $ $ -
2024 500 800| $ 2312 $ 2449 $ 2251 $ 1932 $ $ 12,24543 $ $ 15457.97
2025 525 840 $ 2342 $ 2219 $ 16.02 $ 14.33] $ $ 1165176 $ $ 12,038.76
2026 551 882 $ 2477 $ 2635 $ 2008 $ 15.09| $ $ 14,524.08 $ $ 1331291
2027} 579 926( $ 16.63 $ 2299 $ 13.06 $ 6.54| % $ 1330699 $ $ 6,060.00
2028 608 972 $ 928 $ 1728 $ 596 $ 131 $ $ 10,498.98 $ $ 127576
2029) 638 1021 $ 273 $ 930 $ 49 $ 037]$ $ 593748 $ $ 38L22
2030 670 1072 $ 138 $ 592 § 370 $ 016|$ $ 396659 $ $ 17104
2031 704 1126| $ 087 $ 568 $ 397 § 051]$% $ 399801 $ $ 576.29
2032 739 1182 $ 014 $ 383 § 220 $ $ $ 283280 $ $
2033 776 1241] $ 016 $ 1001 $ 833 § $ $ 7776175 $ $
2034 814 1303 $ 017 § 1025 $ 717 $ - $ $ 835155 $ $ -
2035 855 1368] $ 013 § 1001 $ 175 $ 027]$% $ 855782 $ $ 37460
2036 898 1437 $ $ 216 $ 069 $ 009|$ $ 193962 $ $ 12221
2037} 943 1509( $ $ 050 $ 138 $ $ $ 46671 $ $
2038 990 1584] $ $ -3 108 $ $ $ -8 $
2039 1039 1663| $ $ 697 $ 373 § - $ $ 724009 $ $ -
2040 1091 1746| $ $ 488 $ 012 § 0.09|$ $ 532642 $ $ 15838
20414 1146 1834| $ $ 048 $ -8 0.03|$ $ 55242 $ $ 50.39
2042 1203 1925| $ $ $ 1377 § $ $ $ $
Source: OGW

Example: A project that is seeking to remove an existing 5SkW static limit on solar export

The DNSP would input 5kW as the static limit it is seeking to model. This would automatically
allow the model to determine the results for all days where the maximum PV production does not
reach that limit (because removing the static limit will not affect export on those days).

The DNSP would then input, for each year, their estimate of the additional energy released by
the proposed project on each type of characteristic day (e.g., low demand / high PV production
spring day).

The model will then calculate the estimated value of that additional energy based on the kWh the
DNSP has attributed to that characteristic day multiplied by the average wholesale production
costs for that characteristic day (during the half-hour periods where curtailment is likely to
happen).

Table 7 illustrates the total CECV value in each year for a DNSP in NSW that inputted the
alleviation profile shown for the removal of a 5kW static limit. The results reflect the combination
of the alleviation in each season of each year, and the average wholesale prices in that season
(on days when the static limit would be exceeded). This information was presented earlier in
Table 4.
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Table 7: Example of inputs and outputs resulting from removal of 5kW static limit (NSW)

Option 2: Characteristic Days (MWh) above Static Limit |
; . o CECVs - Removal of
Average MWh alleviated as a result of removing Static Limit Static Limit
Summer Autumn Winter Spring ALL

2022 $

2023 $

2024 1200 500 52 800 $ 63,723
2025 1236 525 53 840 $ 58,568
2026 1273 551 54 882 $ 64,794
2027 1311 579 55 926 $ 52,378
2028 1351 608 56 972 $ 35,437
2029 1391 638 57 1021 $ 21,234
2030 1433 670 59 1072 $ 19,938
2031 1476 704 60 1126 $ 20,088
2032 1520 739 61 1182 $ 16,622
2033 1566 776 62 1241 $ 17,290
2034 1613 814 63 1303 $ 17,638
2035 1661 855 65 1368 $ 13,760
2036 1711 898 66 1437 $ 18,385
2037 1762 943 67 1509 $ 12,335
2038 1815 990 69 1584 $ 6,841
2039 1870 1039 70 1663 $ 1,270
2040 1926 1091 71 1746 $ 3,138
2041 1983 1146 73 1834 $ 5,939
2042 2043 1203 74 1925 $ 1,369

Source: OGW

In developing the amount of export to be enabled on a particular characteristic day in each year
of the analysis horizon the DNSP will need to be mindful of how additional DER penetration may
result in curtailment spreading from one to a second (or third) type of characteristic day.

Figure 23 provides an illustration of this effect:

As the penetration of rooftop PV grows over the five years shown in terms of the number of
systems installed in the local area and perhaps also in their average size, voltage increases
in the midday hours when irradiance tends to be highest and underlying demand lowest.

In the illustration, voltage limits are breached in year three, requiring curtailment. As PV
penetration continues to grow, the breach not only increases in magnitude, but also in terms
of the number of hours over which curtailment is required and the total kWh of potential export
that needs to be curtailed.

As the number of days on which curtailment is required increases, the underlying
characteristics that give rise to the need for curtailment may also change. Where years one
through three may have been mild, very sunny spring days, by year five the increase in PV
penetration may also be required curtailment on mild spring days that are only moderately
sunny.
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Figure 23: Conceptual illustration of the impact of increased DER penetration over time on characteristic

days
System
Voltage
Voltage Upper Limit
Year
5
4
3
2
1
10am Noon 3pm
Source: OGW

Advantages and disadvantages

The advantages of this option are that it is likely that to:

O

O

O

The DNSP will find it easier to estimate curtailment alleviation on an annual basis for different
day types than for every half hour over the analysis horizon, as required in Option 1

The DNSP will find it easier to explain the rationale for its alleviation profile as compared to
explaining its derivation of the detailed half-hourly values that would be required in Option 1

It will be easier for the AER to review/audit the data that has been inputted into the model for
the characteristic days than in the case of the half-hourly information required under Option
1

It will lead to a better alignment of the wholesale market values with the DNSP's alleviation
profile.

The disadvantages of this option are that it still requires:

O

The DNSP to allocate its total amount of expected alleviation across the different types of
characteristic days which, depending on the process used for doing so, may still require a
material amount of judgement

The AER to have a means for reviewing the robustness of the alleviation allocations inputted
by the DNSP.

Option 3: Ranked characteristic days

How it works

A third approach included in the DNSP model builds on Option 2 by ranking the characteristic
days with regard to the order of in which they are likely to require curtailment. More specifically,
each characteristic day is ranked in terms of the likelihood of curtailment occurring (absent the
investment).
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For example, if curtailment is considered most likely to occur on low demand, high PV production
days in spring, that characteristic day would be ranked ‘1’. Each of the nine characteristic day
types is ranked within the model. These rankings are pre-set in the model, based on our
understanding of the factors that are likely to drive solar curtailment. However, it should be noted
that the DNSP has the ability to override the pre-set rankings and use its own ordering.3°

Required inputs from the DNSP

Where the pre-set ranking of characteristic days is used, the DNSP ill simply need to input into
the model the:

Total additional export (kWh) it is forecasting to be enabled in each year by the network
expenditure it is proposing, and

The number of days in each year that curtailment would be expected to occur in the absence
of the proposed hosting capacity project.

The model will then automatically attribute those forecasted kWh of curtailment relief to the
characteristic days based on:

The rank of each characteristic day (1 to n), and

The number of each of those characteristic day types in the wholesale market modelling
which will be resident within the DNSP model as an output of the wholesale market modelling.

The value of curtailment relief stemming from the proposed network investment will be calculated
within the model by multiplying the energy allocated to each characteristic day type by the
average marginal wholesale production cost value for that day type in each of the years over the
analysis timeframe.

Example: Investment(s) to reduce curtailment due to voltage issues
The DNSP would provide the following inputs, for each year:

The total estimated amount of additional energy released because of the investment
(e.g., 100MWh), and

The number of days when curtailment would likely have been needed absent the project
(e.g., 25 days).

The model will automatically allocate the amount alleviated in each year to characteristic day
types based on their ranking (as opposed to the DNSP doing this under Option 2) and
calculate the wholesale market value.

An example of this ranking approach is provided in the table below.

Est. 2008

It should be assumed that the AER would expect the DNSP to provide the rationale for its re-ordering.

A
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Table 8: Example of the use of ranking to determine average wholesale costs

Summary Outputs - Ranked Days

Spring Autumn Autumn Spring Spring Autumn Spring Autumn

Year /Rank > 1

3
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7 8
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Source: OGW

The characteristics of the ranked days shown in Table 8 are:
1. High Solar Output and Low demand - Spring

High Solar Output and Low demand - Autumn

Medium Solar Output and Low demand - Spring
Medium Solar Output and Low demand - Autumn

High Solar Output and Medium demand - Spring

High Solar Output and Medium demand - Autumn
Medium Solar Output and Medium demand - Spring

©® N o 0 &~ 0 DN

Medium Solar Output and Medium demand - Autumn

The number of days allocated to each of those ranked days in the model is shown in Table 9
below.
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Table 9: Number of days allocated to each ranked day

Spring Autumn Autumn Spring Spring Autumn Spring Autumn

Yeard, / Rank > 5

6 7 8

1 2 3 4

Source: OGW

Having regard to the two components of information presented above, if a:

DNSP was forecasting 100,000MWh of alleviation across 10 days in 2026, the number of
days would fall below the number of days attributed to the first ranked day type in that year
(as there are 14 days in the model), hence the average price for that ranked day type of
$15.09 would be applied to all that volume of alleviation

DNSP was forecasting 120,000MWh of alleviation across 15 days in 2027, the number of
days would exceed the number of days attributed to the first ranked day type in that year in
the model (12 days), however, it does not exceed the total number of days attributable to the
1stand 2" ranked day types combined, therefore:

12/15 of the 120,000/MWh is attributed to the first ranked day type in that year (so the
total CECV is 12/15*120,000MWh*$6.54/MWh); and

The remaining 3/15 of the 120,000/MWh that is estimated to be alleviated is attributed to
the second ranked day type in that vyear (so the CECV s
3/15*120,000MWh*$22.99/MWHh).

DNSP was forecasting 142,000MWh of alleviation across 30 days in 2028, the number of
days exceeds the number of days attributed to the combined number of days attributed to the
first and second ranked day types in that year in the model (14 days plus 14 days), but does
not exceed to the total number of days attributable to the 1st, 24 and 3 ranked day types,
therefore:

14/30 of the 142,000/MWh is attributed to the first ranked day type in that year (so the
CECV is 14/30*142,000MWh*$1.31/MWh)

14/30 of the of the 142,000/MWh is attributed to the second ranked day type in that year
(so the value is 14/30*142,000MWh*$17.28/MWHh); and

47



CECV Methodology

14 June 2022
Final Report

The remaining 2/30 of the of the 142,000/MWh is attributed to the third ranked day type
in that year (so the value is 2/30*142,000MWh*$23.88/MWHh)

and so on and so forth.

Advantages and disadvantages
Relative to the previous options, the advantages of this option are that it:

Is simpler for the DNSP to use, as it would only have to identify the total amount of alleviation
and the number of days where curtailment might have occurred absent the proposed
investment.3!

Relies even more on data within the model to allocate curtailment alleviation to the
characteristic days, rather than requiring the DNSP to do so, which should make:

The development of the alleviation profile significantly easier for the DNSP, and less
subject to judgement by the DNSP

The inputs used by the DNSP easier for the AER to review
The use of the model more consistent across DNSPs within the same NEM region.
The disadvantages of this option as compared to the others are:

It still requires the DNSP to apply judgement, particularly if it chooses to re-rank the
characteristic days

It provides the DNSP with less flexibility in defining the alleviation profile

It still requires the AER to have a means for reviewing the annual alleviation levels claimed
for the project as well as a means for reviewing any re-ranking put forward by the DNSP.

The main output of the model is the yearly values of the incremental export enabled by each
project being proposed by the DNSP. These yearly values are then able to be net present valued

This value will be influenced by the period over which the incremental export is assumed to be
enabled. Where this period is equal to or less than the period covered by the CECVs derived
from the wholesale market modelling, the alleviation profile inputted by the DNSP should reflect
this, enabling the model to automatically accommodate the shorter life of the project as compared
to the full timeframe over which wholesale market CECVs are provided within the model.

Where the DNSP selects a period that exceeds 20 years (e.g., because they expect the project's
life to exceed 20 years), the model will automatically calculate a terminal value. Our initial view
is that this terminal value will be calculated based on the following assumptions:

The average of the final three years of CECVs available in the model3? to be used as values
that will apply for the relevant period beyond year 20; and

The alleviation profile the DNSP inputted in the final year.

It should be noted that the DNSP will be able to provide its own ranking of the characteristic days where that is more
representative of the local area of a project they are proposing.

This is done to ensure the terminal value is not overly influenced by one (final) year of data
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Appendix A: Demonstration of the Characteristic Day concept

The objective of this section is to provide some illustrative examples of the CECVs for a selection
of characteristic days, including how the CECVs of those days change as the factors defining the
characteristic day itself change.

In this regard, it should be recalled that the CECV of a characteristic day represents the average
marginal cost of production in the wholesale market in half hours in the middle of the day (noting
that the DNSP can select which hours are in fact included3?) on all the days of that type in that
season in that region over the entire 20-year analysis horizon.

Furthermore, for the avoidance of doubt, it should also be noted that:

The wholesale cost information underpinning the results contained in this appendix align with
the half-hourly CECVs that have been published as an accompaniment to this report

The thresholds used to derive the characteristic days only approximate what might result
from the application of the approach we have outlined in the body of this report. These
thresholds have been applied to the PV and operational demand information that are used in
the PLEXOS modelling that generated the half-hourly CECVs that have been published as
an accompaniment to this report

The results are not final or intended to be a complete reflection of all types of characteristic
days.

The tables that commence on the following page demonstrate the different (average) wholesale
cost outcomes during the middle of the day through to 3pm for each region, where the day was
(in the PLEXOS modelling) assumed to have a:

PV output

High PV output in that year and in that season (80th percentile or above, based on MAX
PV output on the day) or

Medium PV output (days that sit between the 30" percentile and the 80t percentile).
Operational demand

Low operational demand outcome (30" percentile or below based on operational
demand at MIDDAY); and

Medium operational demand outcome (days that sit between the 30t percentile and the
80t percentile based on operational demand at MIDDAY

For completeness, for each region, we have also shown:
The average middle of the day price, by season and by year, and

The average price, by year and by season.
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This functionality means that the model can be used to derive average wholesale costs for any pre-determined time
period across a day (e.g., the model could be used to estimate the average wholesale costs across the 6pm-9pm
timeframe). If a DNSP was proposing a solution that would facilitate increased energy being injected back into the grid
during this timeframe, then these (yearly) values could be applied to the relevant alleviation profile. Iterations of this could
also be derived from the model, for example, the average wholesale price in overnight half hours, or overnight half hours
by season.
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A.1: NSW
Table 10: High PV output days, low demand days (NSW)

Est. 2008

Average price in middle of the day based on High
Solar Output and Low demand

Summer | Autumn Winter Spring
$ 2332 ¢$ - $ 2451 % 23.44
$ 2426 $2555 $ 2540 $ 22.19
$ 2312 $2449 $ 2251 § 19.32
$ 2342 $2219 $ 16.02 $ 14.33
$ 2477 $2635 $ 2008 $ 15.09
$ 16.63 $2299 $ 13.06 $ 6.54
$ 928 $1728 $ 59 $ 131
$ 273 $ 930 $ 494 % 0.37
$ 138 $ 592 $ 370 $ 0.16
$ 087 $ 568 $ 397 % 051
$ 014 $ 383 § 220 $

$ 016 $1001 $ 833 $

$ 017 $1025 $ 717 $ -
$ 013 $1001 $ 175 $ 0.27
$ - $ 216 $ 069 $ 0.09
$ $ 050 $ 138 $ -
$ $ - 8 108 $

$ $ 697 $ 373 % -
$ $ 4838 $ 012 $ 0.09
$ $ 048 $ - 38 0.03
$ - $ - 8 1377 § -
$ 716 $ 994 § 859 $ 4.94
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Final Report
Table 11: High PV output days, medium demand days (NSW)
Average price in middle of the day based on High Solar Output and Medium
demand

Summer Autumn Winter Sprin:
$ 29.08 $ - 8 3223 $ 25.36
$ 3067 $ 3259 $ 3336 $ 23.55
$ 3110 $ 28.00 $ 3339 $ 22.02
$ 2566 $ 2414 $ 3017 $ 18.76
$ 26.18 $ 29.73 $ 4679 $ 20.11
$ 2450 $ 2848 $ 86.65 $ 9.20
$ 2373 $ 2634 $ 3369 $ 2.78
$ 1121 $ 2475 $ 3491 $ 2.36
$ 856 $ 1464 $ 5318 $ 1.39
$ 6.15 $ 16.61 $ 5764 $ 1.06
$ 507 $ 1059 $ 4685 $
$ $ 20.05 $ 56.69 $
$ $ 3019 $ $ -
$ $ 31.04 $ $ 0.69
$ - 8 413 $ $ -
$ 2319 $ 065 $ $ 0.23
$ 1300 $ - % $
$ 741 $ 734 $ $
$ 1952 $ 2583 $ $
$ 1199 $ $ $
$ 271 % - $ - $ -
$ 1427 $ 1691 $ 2598 $ 6.07

Table 12: Medium PV output days, low demand days (NSW)
Average price in middle of the day based on Medium Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 2541 $ - 8 2585 $ 2345

$ 2542 $ 2665 $ 26.60 $ 22.38

$ 2339 $ 2453 $ 2330 $ 19.33

$ 2381 $ 2290 $ 19.07 $ 17.81

$ 2432 $ 2758 $ 2299 $ 15.60

$ 1444 % 2171 $ 1930 $ 11.44

$ 717 $ 2388 $ 1015 $ 2.55

$ 554 $ 1293 $ 858 $ 0.03

$ 460 $ 1188 $ 671 $ 0.12

$ 3.00 $ 1368 $ 717 % 0.29

$ 086 $ 1085 $ 399 % -

$ 170 $ 10.04 $ 941 $

$ 136 $ 894 $ 1291 $

$ - 8 757 $ 1065 $

$ 032 % 6.04 $ 756 $

$ 016 $ 185 $ 702 $

$ $ 026 $ 848 $

$ $ 040 $ $

$ $ 409 $ $

$ $ 123 $ - 8

$ - $ 0.06 $ 4025 $ -

$ 769 $ 1158 $ 1286 $ 5.38
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Table 13: Medium PV output days, medium demand days (NSW)

Output and Medium demand

Average price in middle of the day based on Medium Solar

Summer Autumn Winter Sprin

$ 3062 $ - % 3038 $ 25.65
$ 3359 $ 3271 % 3143 $ 24.66
$ 3121 % 3034 $ 2889 $ 22.14
$ 2869 $ 26.09 $ 2550 $ 17.94
$ 2948 $ 3157 $ 3194 $ 20.57
$ 2921 $ 3240 $ 3215 $ 15.34
$ 2407 $ 2575 $ 2089 $ 5.57
$ 16.64 $ 1995 $ 1979 $ 6.38
$ 1741 $ 2045 $ 2137 $ 4.89
$ 1432 $ 2091 $ 2176 $ 3.88
$ 720 $ 15.64 $ 1859 $ 2.36
$ 716 $ 1167 $ 1722 3 2.55
$ 568 $ 946 $ 18.23 $ 2.87
$ 6.15 $ 895 $ 3089 $ 5.66
$ 935 $ 1919 $ 3114 % 3.71
$ 576 $ 1547 $ 2031 $ 1.45
$ 197 $ 973 % 1778 $ 0.09
$ 014 $ 148 $ 1009 $ 0.15
$ 042 $ 552 $ 2476 $ 2.85
$ 115 $ 1279 $ 2458 $ 0.62
$ 033 $ 519 $ 36.36 $ -
$ 1431 $ 1692 $ 2505 $ 8.06

CECV Methodology

14 June 2022
Final Report

Table 14: The average middle of the day price, by season and by year (NSW) and the average price, by
year and by season (NSW)

Summary Outputs - Selected Combinations Average TWP Above Static Limit (All Hours) Average TWP Above Static Limit (Middle of Day)
Summer Summer
2021
2022 $ 3574 $ 35.47 $ 3743 $ 34698 2843 $ 2053 § $ 3005 § 26.95
2023( $ 36.80 $ 3682 $ 36.63 $ 39.74 § 3398($ 2988 $ 3124 $ 3082 $ 3148 $ 25.96
2024 $ 3552 § 3601 $ 3567 $ 3827 § 3212($ 2163 $ 2061 $ 2885 $ 2921 $ 2282
2025( $ 3427 $ 3557 § 3381 $ 36.67 $ 31038 2451 $ 27185 $ 2581 $ 2516 $ 19.24
2026 $ 4381 $ 4180 $ 4080 $ 56.71 $ 3581 8% 2184 $ 2839 $ 2984 $ 3226 § 20.79
2027 $ 4647 $ 4197 $ 5359 § 6042 $ 20618 2122 $ 2624 $ 3154 $ 3583 § 15.10
2028| $ 3455 § 3174 $ 3499 $ 4420 $ 2118($ 1800 $ 1976 $ 2415 $ 2100 $ 6.97
2029( $ 3997 $ 3198 § 3755 $ 5744 $ 3267($ 1453 $ 1277 $ 1761 $ 2064 $ 6.97
2030( $ 4955 $ 3815 $ 5193 $ 7157 $ 36.15|$ 1571 $ 1291 $ 17.26 $ 2636 $ 6.13
2031 $ 5186 $ 4057 $ 5784 $ 7180 $ 36.82|$ 1562 $ 1179 $ 1929 $ 2627 $ 4.94
2032( $ 5398 $ 4464 $ 56.43 $ 69.89 $ 44758 1073 $ 716 $ 1488 $ 1872 $ 2.04
2033| $ 6715 $ 5499 $ 7672 $ 8580 $ 50.63 [ $ 1150 $ 506 $ 1267 $ 2509 $ 2.96
2034 $ 66.63 $ 5341 $ 7278 $ 86.82 $ 53.06 | $ 1127 $ 440 $ 1245 $ 2462 $ 338
2035( $ 69.26 $ 5309 $ 7390 $ 9283 $ 56.73| $ 1333 § 457 $ 1225 $ 3045 $ 578
2036( $ 6315 $ 5091 § 7069 $ 8456 $ 46138 1372 $ 641 $ 1688 $ 2741 $ 398
2037 $ 50.98 $ 3783 § 59.17 § 7025 $ 36.21($ 961 § 385 $ 1274 $ 2004 $ 162
2038| $ 4507 $ 3029 $ 50.05 $ 6503 $ 3445($ 645 $ 175 $ 802 $ 1572 $ 0.12
2039( $ 4541 $ 3001 $ 4720 $ 65.07 $ 38941 % 514 $ 025 $ 444 $ 1459 $ 112
2040 $ 5723 $ 3512 $ 6119 $ 8444 $ 47841$ 946 $ 092 $ 890 $ 2422 $ 3.64
2041 $ 56.58 $ 3575 § 60.75 86.09 $ 4313($ 938 § 136 $ 917 $ 2491 § 180
2042[ $ 55.06 $ 3274 $ 5599 $ 96.12 $ 939 § 026 $ 476 $ 4156 $ 2
AVERAGE (TOTAL for #DAYS) $ 4948 $ 3947 § 5338 $ 66.72_$ 3910 $ 16.16 $ 1267 $ 1630 $ 2598 § 8.68
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A2: QLD
Table 15: High PV output days, low demand days (QLD)

Est. 2008

Average price in middle of the day based on High Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 2331 $ -3 2234 3% 21.55
$ 2436 $ 2311 $ 2057 $ 19.43
$ 2093 $ 2228 % 1083 $ 8.61
$ 1958 $ 16.11 $ 875 $ 6.11
$ 1423 $ 16.11 $ 759 $ 7.12
$ 1418 $ 1550 $ 1112 $ 7.30
$ 1314 $ 10.40 $ 3755 $ 1.55
$ 455 $ 553 $ 157 $ 3.85
$ 723 % 369 $ 065 $ 1.10
$ 782 $ 445 $ 102 $ 2.63
$ 691 $ 373 $ 025 $ 1.58
$ -3 331 $ 278 $

$ 767 $ 343 $ 209 $ -
$ 6.04 $ 367 $ 001 $ 2.50
$ 594 $ 075 $ - $ 1.52
$ 479 $ 045 $ - $ 0.58
$ 375 $ -3 013 $

$ 015 $ 231 % $ -
$ $ 261 $ $ 0.56
$ $ $ $ 0.30
$ - $ - $ - $ -
$ 879 $ 6.54 $ 445 $ 411
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Table 16: High PV output days, medium demand days (QLD)

Average price in middle of the day based on High Solar Output and

Medium demand

Summer Autumn Winter Sprin

$ 2940 $ - % 2263 $ 23.88
$ 2993 $ 2889 $ 2869 $ 22.39
$ 2864 $ 2891 $ 2760 $ 17.95
$ 2684 $ 2519 $ 1515 $ 16.37
$ 2731 % 2885 $ 1856 $ 14.47
$ 2524 % 2826 $ 1522 $ 10.94
$ 20.07 $ 2195 $ 1022 $ 7.26
$ 1633 $ 1881 $ $ 351
$ 1906 $ 2579 $ $ 1.79
$ 1913 $ 3520 $ - $ 1.82
$ 1218 $ 3520 $ 901 $ 0.78
$ 1373 $ 2533 % $ 37
$ 468 $ 2062 $ $ 2.87
$ 403 $ 2348 $ $ 1.05
$ 642 $ 36.04 $ $

$ 558 $ 3153 $ $

$ 363 $ 17.86 $ $

$ - 3 854 $ $

$ 001 $ 494 $ $

$ $ 1029 $ $

$ -3 478 $ - $ -
$ 1391 $ 2235 $ 700 $ 6.13

Table 17: Medium PV output days, low demand days (QLD)

Average price in middle of the day based on Medium Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 2335 $ - 8 2329 $ 21.83

$ 2470 $ 2511 $ 2237 $ 19.54

$ 2172 $ 2418 $ 1514 $ 11.72

$ 1562 $ 2062 $ 11.60 $ 8.94

$ 1329 $ 19.76 $ 958 $ 4.69

$ 1501 $ 16.10 $ 1082 $ 9.32

$ 1174 $ 16.26 $ 492 $ 2.27

$ 348 3 725 $ 469 $ 1.08

$ 346 3 563 $ 204 % 0.15

$ 383 % 665 $ 211 $

$ 074 $ 425 $ 199 $

$ 066 $ 246 $ $

$ 036 $ 204 $ - 3 -

$ 020 $ 156 $ 374 % 0.12

$ 002 $ 192 $ 220 $ 0.04

$ $ 169 $ 055 $

$ $ 036 $ 025 $

$ $ 014 % $

$ $ 083 $ $

$ $ - 8 $

$ - 8 - 8 - 8 -

$ 658 $ 747 $ 549 $ 3.80
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Table 18: Medium PV output days, medium demand days (QLD)

CECV Methodology

14 June 2022
Final Report

Average price in middle of the day based on Medium Solar
Output and Medium demand

Summer Autumn Winter Sprin

$ 2999 $ - 8 2599 $ 24.92
$ 2985 $ 2920 $ 27121 $ 23.81
$ 2850 $ 2818 $ 2419 $ 20.11
$ 27102 $ 2352 $ 2188 $ 18.55
$ 27121 % 2424 $ 2233 $ 17.60
$ 2187 $ 2260 $ 2060 $ 12.06
$ 19.28 $ 2344 $ 1384 $ 5.29
$ 1691 $ 1645 $ 1174 $ 751
$ 1712 $ 1415 $ 1025 $ 472
$ 16.66 $ 1359 $ 1265 $ 5.12
$ 1254 3 1084 $ 1012 $ 2.16
$ 6.49 $ 1013 $ 972 $ 1.63
$ 436 $ 8.66 $ 909 $ 0.97
$ 500 $ 683 $ 1135 $ 3.10
$ 775 % 17.79 $ 1283 $ 2.13
$ 362 % 1327 $ 1120 $ 0.89
$ 100 $ 961 $ 851 $ -

$ - 3 367 $ 294 % 0.09
$ 004 $ 217 % 294 $ 0.85
$ - 8 477 3% 339 % 0.29
$ - $ 332 % 10.85 $ -

$ 13.10 $ 1364 $ 1351 $ 7.23

Table 19: The average middle of the day price, by season and by year (QLD) and the average price, by year

and by season (QLD)

Summary Outputs - Selected Combinations Average TWP Above Static Limit (All Hours) Average TWP Above Stafic Limit (Middle of Day)
Summer Summer
2021
2022| $ 312 $ 3211 $ 3188 $ 3047 $ 2552 $ 2741 8 - $ 2591 $ 24.62
2023( $ 3238 $ 3358 $ 3217 $ 3325 $ 3053 $ 2641 $ 2815 $ 2793 $ 2620 $ 23.35
2024| $ 3138 $ 3316 $ 3269 $ 3166 $ 21971 $ 2331 § 2629 $ 2717 $ 2194 $ 17.81
2025| $ 2989 $ 3135 $ 2999 $ 3048 $ 21761 $ 2041 $ 2354 $ 2305 $ 1921 $ 15.85
2026 $ 3322 $ 3420 $ 3278 $ 3614 $ 2975]$ 1997 $ 2224 $ 2363 $ 1926 $ 1476
2027 $ 3598 $ 3514 $ 39.05 $ 4187 $ 21741 $ 1832 $ 1986 $ 20.86 $ 1982 $ 1271
2028| $ 3175 $ 3136 $ 3293 § 3660 $ 26.03|$ 1472 $ 17.82 $ 2005 $ 1380 $ 7.16
2029| $ 349% $ 3235 $ 3361 $ 273 $ 3105 $ 1103 $ 1223 $ 1391 $ 1174 $ 6.20
2030| $ 3933 § 3900 $ 40.09 $ 4540 $ 32741 % 935 § 1145 $ 1227 $ 1026 $ 341
2031 $ 4749 $ 4439 $ 4725 $ 5769 $ 4050 $ 1044 $ 1111 $ 1318 § 1321 $ 421
2032 $ 4798 $ 4559 $ 4779 $ 5554 $ 42921$ 782 $ 737 $ 1204 $ 954 $ 225
2033( $ 5429 $ 4891 $ 56.77 $ 6484 $ 4643 $ 729§ 455 $ 877 $ 1299 $ 2.76
2034| $ 5427 $ 4721 $ 5375 $ 66.79 $ 49.11($ 6.67 $ 35 § 822 $ 1253 $ 226
2035( $ 5654 $ 4179 $ 5265 $ 7157 $ 5394 $ 773 $ 416 $ 748 $ 1537 $ 3.78
2036( $ 5853 $ 5204 $ 6366 $ 7260 $ 4562 $ 955 $ 586 $ 1354 $ 1594 $ 274
2037 $ 4830 $ 4007 $ 5439 §$ 6185 $ 3657|$ 701 $ 360 $ 1157 $ 1186 $ 0.86
2038| $ 4093 $ 3120 $ 4462 $ 5489 $ R273($ 418 $ 108 $ 640 $ 879 § 0.34
2039| $ 3822 $ 2929 $ 3768 $ 5039 $ 3531($ 213 $ - $ 238 $ 562 $ 0.47
2040( $ 4438 $ 3346 $ 4334 $ 5932 $ 41241$ 250 $ 044 $ 215 $ 635 $ 1.03
2041 $ 4569 $ 3492 $ 4655 $ 6298 $ 38.01)$ 325 $ 069 $ 412 $ 784 $ 0.27
2042 $ 4164 $ 30.69 $ 4206 $ 61.89 $ 313 § 003 $ 18 $ 1309 § =
AVERAGE (TOTAL for #DAYS) $ 4183 $ 37152 § 4319 $ 5097 $ 36.32_$ 1146 $ 1102 $ 1241 $ 1435 § 6.99
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A3: SA
Table 20: High PV output days, low demand days (SA)

Est. 2008

Average price in middle of the day based on High Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 1249 $ -3 1695 $ 11.82
$ 1376 $ 16.63 $ 1420 $ 10.08
$ 1188 $ 1569 $ 1229 $ 7.23
$ 1076 $ 1478 $ 1202 $ 11.48
$ 1318 $ 1759 $ 1625 $ 10.56
$ 752 $ 1824 $ 1938 $ 8.56
$ 556 $ 1355 $ 1000 $ 2.22
$ 195 $ 9.67 $ 1181 $ 1.81
$ 239 $ 1491 $ 2041 $ 1.22
$ 431 $ 2087 $ 2376 $ 1.79
$ 338 % 16.74 $ 1792 $ -
$ 130 $ 566 $ 2169 $ 0.04
$ 136 $ 515 $ 1962 $ 0.08
$ 042 $ 538 $ 2240 $ -
$ 061 $ 2711 $ 2788 $ 1.78
$ 152 $ 2236 $ 2231 $

$ $ 1132 $ 1831 $

$ $ $ 291 %

$ -3 - 3 1065 $

$ 006 $ 516 $ 1240 $

$ - $ -3 6.04 $ -
$ 440 $ 1147 $ 16.15 $ 3.27
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Table 21: High PV output days, medium demand days (SA)

Average price in middle of the day based on High Solar Output and

Medium demand

Summer Autumn Winter Sprin
$ - % -3 1389 $ 13.43
$ 1992 $ 3381 % 3bB71 3% 12.92
$ 2082 $ 3083 $ 2903 $ 13.62
$ 2072 $ 2200 $ 2413 $ 14.20
$ 2171 $ 2823 $ 3311 3% 12.39
$ 1416 $ 3447 $ 4742 3% 4.86
$ 1737 % 19.14 $ 2531 $ 0.96
$ 6.69 $ 1987 $ 1964 $ 4.85
$ 266 $ 15.08 $ 8.08 $ 571
$ 020 $ 2346 $ 374 % 3.60
$ 037 $ 3476 % 4765 $ 1.71
$ 163 $ 494 $ $
$ - % 1046 $ $ -
$ 049 $ 543 $ $ 9.57
$ 540 $ - $ $ 5.77
$ 311 % 036 $ $
$ - 3 $ $
$ $ -3 $
$ $ 167 $ $
$ $ - % $
$ -3 432 % - $ -
$ 644 $ 1375 $ 1370 $ 4,93

Table 22: Medium PV output days, low demand days (SA)

Average price in middle of the day based on Medium Solar
Outputand Low demand

Summer Autumn Winter Sprin

$ 937 $ -3 1035 $ 11.88

$ 1118 $ 2270 $ 1009 $ 9.92

$ 971 $ 1722 $ 620 $ 8.34

$ 1022 $ 1301 $ 1065 $ 10.39

$ 1279 $ 1874 $ 1380 $ 10.14

$ 1238 $ 1997 $ 1555 $ 5.09

$ 828 $ 1532 $ 567 $ 0.79

$ 279 % 957 $ 6.75 $ 1.03

$ 217 % 1630 $ 1436 $ 0.99

$ 218 % 15.05 $ 1520 $ -

$ 126 $ 1294 $ 1029 $

$ $ 718 $ - 3

$ $ 932 $ - 3 -

$ -3 279 % 1440 $ 1.80

$ 058 $ 59 §$ 1651 $ 1.82

$ $ 145 § 18.74 $ -

$ $ $ 1052 $

$ $ $ - 8

$ $ $ 706 $

$ $ $ 1373 $

$ - -3 1235 $ -

$ 395 $ 893 $ 10.10 $ 2.96
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Table 23: Medium PV output days, medium demand days (SA)

Average price in middle of the day based on Medium Solar
Output and Medium demand

Summer Autumn Winter Sprin

$ 1993 $ - % 2472 % 13.61
$ 1834 $ 2084 $ 2123 % 11.01
$ 1534 $ 1819 $ 2060 $ 8.29
$ 1493 $ 1330 $ 1882 $ 11.42
$ 1869 $ 1790 $ 2352 $ 10.60
$ 18.64 $ 2071 $ 3002 $ 8.03
$ 1280 $ 17.26 $ 16.22 $ 3.52
$ 972 $ 1290 $ 1719 $ 3.09
$ 974 $ 1269 $ 2171 $ 2.40
$ 1071 $ 1337 $ 2384 $ 3.04
$ 873 $ 1038 $ 1685 $ 1.04
$ 659 $ 1512 $ 1977 3 0.36
$ 398 §$ 1500 $ 2046 $ 0.47
$ 549 $ 1772 $ 2814 $ 1.92
$ 6.38 $ 1461 $ 3011 % 1.25
$ 403 $ 1149 $ 2201 $ 0.21
$ 191 $ 6.08 $ 1038 $ -
$ 013 $ 200 $ 474 $ -
$ 050 $ 1144 3% 18.01 $ -
$ 05 $ 577 $ 2103 $ -
$ 003 $ 180 $ 3101 $ -
$ 891 $ 1231 $ 2126 $ 3.82

CECV Methodology

14 June 2022
Final Report

Table 24: The average middle of the day price, by season and by year (SA) and the average price, by year
and by season (SA)

Summary Outputs - Selected Combinations Average TWP Above Static Limit (All Hours) Average TWP Above Stafic Limit (Middle of Day)
Summer Summer
2021
2022| $ 4754 $ 45.49 $ 5031 $ 4636 | $ 1868 $ 1821 ¢ - § 2319 $ 15.77
2023| $ 5027 $ 4810 $ 55.02 $ 5470 $ 4315)$ 2071 $ 2154 $ 2297 $ 2470 $ 1359
2024| $ 4756 $ 426 $ 5295 $ 5092 $ 4200 $ 16.73 $ 1643 $ 19.95 $ 1958 $ 10.88
2025| $ 4007 $ 4131 $ 50.06 $ 4146 $ 2135]$ 1564 $ 1601 $ 1641 $ 177 $ 1239
2026( $ 40.04 $ 3818 $ 3753 § 5180 $ 3251($ 1777 $ 1827 $ 1939 $§ 2173 § 11.65
2027 $ 4415 $ 3865 $ 5191 § 5773 § 28.00($ 1883 $ 1648 $ 2201 $ 2739 § 9.30
2028( $ 3381 § 3020 $ 3478 $ 4404 $ 26108 1203 $ 1172 $ 1634 $ 1570 $ 421
2029| $ 3031 § 3218 $ 3832 § 5330 $ 3323($ 983 § 768 $ 1192 $ 1552 $ 411
2030 $ 5149 $ 4202 $ 5781 $ 65.02 $ 40771 $ 1157 $ 787 $ 1281 $ 2133 $ 412
2031 $ 5553 $ 4739 $ 6531 $ 7010 $ 3894 % 1234 $ 799 $ 1470 $ 271 $ 3.69
2032 $ 5650 $ 4760 $ 59.83 $ 69.96 $ 48431 $ 914 $ 546 $ 1266 $ 16.78 $ 154
2033| $ 67.62 $ 57.79 $ 7959 $ 8044 § 5228 $ 1048 $ 420 $ 1075 $ 2362 $ 312
2034 $ 66.57 $ 56.46 $ 7375 $ 80.34 $ 5540 $ 1046 $ 442 $ 1091 $ 2272 $ 357
2035( $ 7014 $ 5752 $ 7580 $ 8544 $ 61441 $ 1278 $ 490 $ 1184 $ 2923 $ 4.89
2036 $ 6872 $ 5850 $ 7105 $ 8496 $ 5411)$ 1367 $ 648 $ 1467 $ 2932 $ 4.02
2037 $ 5944 § 4854 $ 7288 $ 7430 $ 4160 $ 1078 $ 461 $ 1383 $ 2349 § 0.96
2038| $ 5207 $ 3876 $ 58.83 $ 69.59 $ 4067 $ 613 § 296 $ 604 $ 1483 $ 057
2039 $ 5233 $ 3809 $ 5825 $ 68.84 $ 4375]$ 344 $ 033 $ 243 $ 987 $ 1.03
2040( $ 6246 $ 4329 $ 6892 $ 8238 $ 5495 % 773 $ 074 $ 807 $ 2007 $ 188
2041 $ 6200 $ 46.87 $ 6843 $ 8251 $ 497418 765 $ 197 $ 491 $ 220 $ 133
2042[ $ 6375 $ 4401 $ 6449 $  100.28 $ 684 $ 155 § 431 $ 2500 § =
AVERAGE (TOTAL for #DAYS) $ 5387 $ 4501 $ 6007 $ 6754 $ 4304 $ 1206 $ 856 $ 1223 $§ 2127 § 5.37
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A4: VIC

Est. 2008

Table 25: High PV output days, low demand days (VIC)

Average price in middle of the day based on High

Solar Output and Low demand

Summer | Autumn Winter Spring
$ 1323 $ $ 1464 $ 1431
$ 1366 $1584 $ 1541 § 14.09
$ 1388 $1425 §$ 1232 § 12.28
$ 1384 $1316 $ 1067 $ 11.16
$ 1291 $1422 $ 1138 $ 10.20
$ 850 $1317 $ 720 $ 7.05
$ 528 $1101 $ 348 $ 1.38
$ 439 $ 718 $ 548 $ 3.88
$ 281 $ 905 $ 703 $ 2.46
$ 395 $ 972 § 1061 $ 345
$ 307 $ 881 § 247 % 0.40
$ 104 $ 718 $ 048 $ -
$ 089 $ 639 § 088 $ -
$ 185 $ 698 $ 1236 $ 6.08
$ 225 $1261 $ 1140 $ 4.45
$ 117 $ 981 $ 763 $ 0.29
$ 031 $ 775 § 308 $ -
$ - $310 % 347 % -
$ 048 $ 4.00 $ 1774 $ 4.32
$ 038 $ 926 $ 2335 § 1.06
$ - $362 % 2130 $ -
$ 495 $ 891 § 964 $ 4.61
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Table 26: High PV output days, medium demand days (VIC)

CECV Methodology

Average price in middle of the day based on High Solar Output and Medium

demand

Summer Autumn Winter Sprin
$ - 3 - % 3231 $ 14.53
$ 2443 $ 3628 $ 3401 $ 14.32
$ 16.35 $ 3100 $ 2825 $ -
$ 1421 $ 2225 $ 2025 $ 14.06
$ 2680 $ 2844 $ 3400 $ 14.06
$ 3263 $ 3432 $ 4071 $ -
$ 698 $ 23.07 $ 2148 $
$ 6.94 $ 2097 $ 2340 $
$ 583 $ 2055 $ 2575 $
$ 3554 $ 3190 $ 2662 $
$ 2983 $ 3821 $ 2039 $
$ 821 $ 1364 $ 2674 $
$ 649 $ 18.60 $ 3488 $
$ 377 $ 879 $ 5341 $
$ 441 $ 4293 $ 5145 $
$ 1517 $ 58.60 $ 4100 $
$ 833 $ 2635 $ 3269 $
$ - % -3 3576 $
$ 002 $ 1095 $ 50.85 $
$ - % 3249 $ 7095 $
$ 031 $ 62.09 $ 89.49 $ -
$ 11.73 $ 2674 $ 3783 $ 2.71

Table 27: Medium PV output days, low demand days (VIC)

Average price in middle of the day based on Medium Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 1496 $ - % 18.17 $ 13.96
$ 1497 $ 1455 $ 16.82 $ 13.81
$ 1420 $ 1436 $ 15.05 $ 12.75
$ 1523 $ 1359 $ 1315 $ 10.98
$ 1712 $ 1357 $ 1562 $ 9.36
$ 1007 $ 1207 $ 1725 $ 495
$ 1015 $ 1201 $ 1341 $ 2.21
$ 397 $ 843 $ 14.02 $ 0.53
$ 560 $ 752 $ 1999 $ 157
$ 585 §$ 6.60 $ 247 3% 2.02
$ 426 $ 518 $ 2194 3% 0.15
$ 203 $ 548 $ 2733 % 0.06
$ 191 $ 569 $ 2754 $ 0.11
$ 179 $ 523 $ 3817 $ -
$ 126 $ 876 $ 4230 $ 271
$ 123 % 8.67 $ 3632 3% 1.50
$ - $ 492 $ 3150 $ -
$ $ 254 % 2655 $

$ $ 324 % 4354 3% -
$ - % 6.69 $ 59.03 $ 1.98
$ 002 $ 460 $ 7184 $ -
$ 593 $ 780 $ 2819 $ 3.74
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Table 28: Medium PV output days, medium demand days (VIC)

Average price in middle of the day based on Medium Solar
Output and Medium demand

Summer Autumn Winter Sprin

$ 2158 $ - 8 2242 $ 15.60
$ 1862 $ 2378 $ 2487 $ 14.13
$ 17.05 $ 2047 $ 2067 $ 12.72
$ 1699 $ 16.20 $ 1953 $ 12.89
$ 1810 $ 1992 $ 2181 $ 12.18
$ 16.62 $ 2128 $ 28.70 $ 8.81
$ 1324 $ 16.88 $ 17.67 $ 461
$ 877 $ 1478 $ 1514 $ 313
$ 853 $ 16.10 $ 2237 $ 2.57
$ 644 $ 2143 $ 2484 $ 2.88
$ 581 $ 1711 $ 1451 $ 2.20
$ 514 $ 1462 $ 2474 $ 1.81
$ 491 $ 16.16 $ 27170 $ 1.85
$ 348 3 18.10 $ 2764 $ 3.15
$ 573 % 2173 $ 36.65 $ 1.50
$ 344 3 2596 $ 2748 $ 2.07
$ 079 $ 1269 $ 2631 $ 0.16
$ 024 3 694 $ 2029 $ 1.00
$ 067 $ 1535 $ 3058 $ 3.26
$ 098 $ 2692 $ 4713 % 2.32
$ 032 $ 2178 $ 9436 $ -

$ 845 $ 18.11 $ 28.35 $ 5.18

Table 29: The average middle of the day price, by season and by year (VIC) and the average price, by year
and by season (VIC)

Summary Outputs - Selected Combinations Average TWP Above Static Limit (All Hours) Average TWP Above Static Limit (Middle of Day)
Year Yearly Summer Autumn Winter Spring Yearly Summer Autumn Winter Spring
2021
2022| $ 3082 $ 31.69 $ 3305 $ 2899($ 1922 $ 1980 $ - § 2170 $ 17.32
2023 $ 3262 $ 3232 § 3286 $ 3122 $ 28.02($ 2058 $ 2069 $ 2174 $ 2370 $ 16.13
2024| $ 3011 $ 30.65 $ 3145 $ 3370 $ 2460 ($ 1812 $ 1821 $ 1974 $ 2034 $ 14.16
2025| $ 2885 $ 3021 $ 2155 $ 3229 $ 2535(% 1637 $ 1750 $ 1656 $ 1835 $ 13.07
2026| $ 3880 $ 3691 $ 3503 $ 51.08 $ 3206 ($ 1824 $ 1850 $ 1932 § 2260 $ 12.49
2027 $ 4385 $ 3852 $ 5119 $ 57.76 $ 2764($ 1956 $ 1686 $ 2218 $ 2863 $ 10.40
2028) $ 3364 $ 30.03 $ 3391 $ 423 $ 26.28($ 1308 $ 1269 $ 1649 $ 1735 § 572
2029| $ 3990 $ 3309 $ 3830 $ 5447 $ 3353($ 1119 $ 916 $ 1307 § 1753 $ 491
2030| $ 5374 $§ 4430 $ 5068 $ 6844 $ 4222(% 1358 $ 963 § 1434 § 2482 $ 535
2031| $ 5865 $ 50.04 $ 68.74 $ 7548 $ 3997($ 1487 $ 995 § 1816 $ 2653 $ 4.64
2032 $ 5871 $ 4951 $ 6192 $ 7341 $ 49.82($ 1041 $ 657 $§ 1460 $ 1845 $ 1.88
2033 $ 7280 $ 6107 $ 8395 $ 90.06 $ 55.69 | $ 1241 $ 492 § 1226 $ 2855 $ 3.65
2034 $ 7267 $ 6043 $ 7869 $ 9162 $ 59.52 | $ 1278 $ 511 § 1237 $ 29.05 $ 434
2035| $ 8443 § 6314 $ 8192 $§ 12519 $ 66.81 | $ 1661 $ 673 $ 1404 $ 3839 $ 6.97
2036 $ 7729 $ 6383 $ 8593 $ 101.22 $ 57.81($ 1915 $ 789 $ 2196 $ 4104 $ 5.44
2037| $ 65.73 $ 5151 $ 80.36 $ 86.19 $ 4433($ 1536 $ 512 § 2172 8RB $ 197
2038| $ 5839 § 4245 $ 6475 $ 8146 $ 4.42($ 1042 $ 340 $ 1094 § 2570 $ 141
2039| $ 60.33 $ 4233 § 6541 $ 8486 $ 4820($ 1061 $ 213 § 788 $ 2880 $ 337
2040 $ 7220 $ 4854 $ 7619 $ 10140 $ 6229($ 1805 $ 471 $ 1593 § 4393 $ 732
2041| $ 7543 $ 5520 $ 8118 $ 10632 $ 5840 | $ 2139 $ 699 $ 2252 $ 4962 $ 5.96
2042 $ 80.25 $ 5258 $ 7982 $ 13595 $ 2690 $ 506 $ 21.07_$ 87.72_$ =
AVERAGE (TOTAL for #DAYS) $ 55.68 $ 4516 $ 60.94 $ 7454 $ 4280 $ 16.14 $ 10.08_$ 1604 $ 3072 $ 6.98
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Table 30: High PV output days, low demand days (TAS)

Average price in middle of the day based on High Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 3117 $ -3 3065 $ 33.84
$ 3479 $ 3712 $ 3098 $ 31.34
$ 3008 $ 3580 $ 224 3% 22.62
$ 2413 $ 2500 $ 1867 $ 17.40
$ 2128 $ 2099 $ 2122 % 20.75
$ 1656 $ 26.77 % 1718 $ 7.78
$ 756 $ 1568 $ 1652 $ 3.23
$ 374 $ 1469 $ 2380 $ 2.57
$ 455 $ 1415 $ 27184 $ 1.56
$ 469 $ 2136 $ 2743 3% 1.62
$ 303 $ 1987 $ 1185 $ 0.01
$ 061 $ 1319 $ 3957 $ 2.05
$ 056 $ 12.06 $ 3591 $ 2.16
$ 057 $ 1148 $ 5445 $ 2.16
$ 224 % 2576 $ 3530 $ 1.86
$ 139 $ 2419 $ 1640 $ 0.03
$ 032 $ 10.05 $ 1716 $ 0.17
$ -3 362 $ 2924 $ 1.85
$ 268 $ 1157 $ 56.95 $ 2.70
$ 288 $ 2433 $ 5165 $ 1.23
$ - $ 2096 $ 8514 $ -

$ 918 $ 1851 $ 3191 $ 7.47
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Table 31: High PV output days, medium demand days (TAS)

Average price in middle of the day based on High Solar Output and
Medium demand

Summer Autumn Winter Sprin

$ 3417 $ - % 3090 $ 35.69
$ 3569 $ 3721 % 3470 $ 32.24
$ 3275 % 3580 $ 26.00 $ 21.05
$ 2587 $ 2073 % 2103 $ 13.66
$ 2157 $ 2681 $ 1864 $ 15.10
$ 2520 $ 3299 $ 2500 $ 4.07
$ 1427 $ 2174 $ 2381 $ 4.01
$ 6.74 $ 2857 $ 1914 $ 8.03
$ 1592 $ 3745 % 2011 $ 9.30
$ 1742 % 65.76 $ 3011 $ 3.44
$ 1702 $ 6441 $ 2244 3%

$ 1885 $ 66.20 $ 1237 %

$ 1411 $ 7085 $ 2089 $

$ 1705 $ 7441 % 4501 $

$ 970 $ 86.49 $ 63.16 $

$ 1135 $ 7088 $ 3973 $

$ 976 $ 4372 % 3769 $

$ 179 $ 4991 $ 1568 $

$ 1038 $ 4225 $ 8154 $

$ 248 $ 6841 $ 9950 $

$ 065 $ 5087 $ 96.96 $ -

$ 1632 $ 4812 $ 3778 $ 6.98

Table 32: Medium PV output days, low demand days (TAS)

Average price in middle of the day based on Medium Solar
Output and Low demand

Summer Autumn Winter Sprin

$ 3558 $ - 8 2157 $ 31.16
$ 3235 $ 3B71 $ 2992 $ 29.01
$ 2844 $ 3284 $ 2288 $ 20.10
$ 2151 $ 2188 $ 1815 $ 16.72
$ 2185 $ 1834 3 1415 $ 17.79
$ 1477 $ 2437 % 2112 $ 11.17
$ 1087 $ 16.29 $ 1350 $ 417
$ 953 $ 1318 $ 1147 $ 5.06
$ 760 $ 11.10 $ 1655 $ 5.08
$ 513 $ 1224 3 2262 $ 5.12
$ 467 $ 83 $ 1743 $ 1.61
$ 225 % 793 $ 8.68 $ -

$ 158 $ 1321 $ 1503 $ -

$ 802 $ 15.96 $ 2640 $ 7.49
$ 331 % 11.88 $ 40.76 $ 7.30
$ 111 $ 1766 $ 21271 $ 418
$ - $ 504 $ 2228 $ -

$ 020 $ 990 $ 1627 $ -

$ 719 % 1259 $ 3065 $ 11.69
$ 747 $ 1059 $ 3882 $ 8.76
$ 003 $ 2027 $ 60.95 $ -

$ 1064 $ 1521 $ 2393 $ 8.88
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Table 33: Medium PV output days, medium demand days (TAS)
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Average price in middle of the day based on Medium Solar
Output and Medium demand

Summer Autumn Winter Sprin

$ 3289 $ - 8 2881 $ 32.53
$ 3450 $ 36.02 $ 3200 $ 28.59
$ 3244 $ 3494 $ 2285 $ 20.77
$ 2580 $ 2427 $ 1865 $ 17.44
$ 2128 $ 19.60 $ 1834 $ 18.85
$ 2015 $ 221 3% 19.66 $ 11.58
$ 1283 $ 16.60 $ 1861 $ 6.48
$ 1110 $ 1151 $ 1821 $ 4.28
$ 1082 $ 1413 $ 3055 $ 498
$ 1438 3 17.05 $ 3012 $ 5.84
$ 1047 3 1165 $ 2320 $ 2.74
$ 996 $ 1315 $ 3329 $ 1.79
$ 891 $ 13.04 $ 3125 % 241
$ 1011 $ 1370 $ 3991 $ 7.18
$ 1540 $ 2169 $ 4445 $ 481
$ 1124 $ 1862 $ 3552 $ 2.61
$ 797 $ 1059 $ 2581 $ 0.45
$ 305 $ 534 % 2401 $ 3.06
$ 446 $ 10.03 $ 3511 $ 5.26
$ 996 $ 2301 $ 4657 $ 3.94
$ 879 $ 2173 $ 7372 $ -

$ 15.07 $ 17.09 $ 30.98 $ 8.84

Table 34: The average middle of the day price, by season and by year (TAS) and the average price, by year

and by season (TAS)

Summary Outputs - Selected Combinations Average TWP Above Static Limit (All Hours) Average TWP Above Stafic Limit (Middle of Day)
Summer Summer
2021
2022| $ 3400 $ 35.76 $ 3286 $ 3418($ 3195 $ 3436 $ - 0§ 2944 $ 32.84
2023( $ 3574 $ 3599 $ 36.86 $ 3728 $ 3280 $ 3290 $ 3441 $ 3626 $ 3114 $ 29.78
2024| $ 3006 $ 3296 $ 3562 $ 2703 $ 24591 $ 2134 $ 3085 $ 3486 $ 24 $ 21.20
2025| $ 2408 $ 27108 $ 2152 $ 2166 $ 2009 $ 2082 $ 2389 $ 2418 $ 1854 $ 16.69
2026 $ 2407 $ 2499 $ 271 $ 2330 $ 24301 $ 1957 $ 2215 $ 2031 $ 17.39 $ 18.46
2027 $ 2831 $ 2676 $ 2873 $ 3254 $ 2515|$ 1831 §$ 1882 $ 24.08 $ 1982 $ 10.45
2028| $ 2822 $ 2192 $ 3012 $ 3198 $ 2278|$ 1293 $ 1267 $ 1655 $ 1673 $ 571
2029| $ 3148 § 2054 $ 30.18 $ 3666 $ 204718 1068 $ 905 $ 1298 $ 1577 $ 4.85
2030| $ 4349 $ 3923 $ 4955 $ 4848 $ 3652 $ 1271 $ 943 $ 1417 $ 2182 $ 5.26
2031 $ 4757 $ 4544 $ 5856 $ 5319 $ 32871 $ 1397 $ 978 $ 1783 $ 2346 $ 461
2032 $ 4812 $ 4448 $ 5164 $ 5253 $ 43731 $ 987 $ 644 $ 1440 $ 16.63 $ 188
2033( $ 5957 § 55.64 $ 7264 $ 6289 $ 46.89 | $ 1154 $ 478 $ 1209 $ 2551 § 354
2034| $ 5914 $ 5560 $ 6751 $ 6448 $ 4878 $ 1196 $ 499 $ 1212 $ 2626 $ 424
2035( $ 6931 $ 5782 $ 7006 $ 9420 $ 54771 $ 1534 $ 659 $ 1377 $ 3387 $ 6.86
2036( $ 6162 $ 5793 $ 7565 $ 68.68 $ 4399 $ 17.93 $ 768 $ 2170 $ 3683 $ 5.26
2037 $ 4814 $ 4405 $ 6580 $ 5244 $ 3000 $ 1389 $ 499 $ 2112 § 2716 $ 197
2038| $ 3915 § 3541 § 4655 $ 4543 $ 2902($ 941 § 330 $ 1081 $ 2198 § 133
2039| $ 4073 $ 3539 $ 4572 $ 4775 $ 3387($ 927 $ 211 $ 769 $ 2378 § 329
2040( $ 5211 $ 4240 $ 56.96 $ 6274 $ 4619 $ 1590 $ 467 $ 1489 $ 3679 $ 7.02
2041 $ 5557 $ 4857 $ 6518 $ 6649 $ 41731 $ 1923 § 676 $ 2144 $ 4276 $ 5.53
2042 $ 6107 $ 46.02_$ 6170 $ 88.70 $ 2335 § 489 $ 1983 $ 7046 $ =
AVERAGE (TOTAL for #DAYS) $ 4388 $ 4043 $ 5001 $ 5006 $ 3509 $ 1709 $ 1250 $ 1767 $ 2755 § 9.08
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Addendum: Response to ENA/HoustonKemp submission to the
AER'’s Draft CECV Methodology

Overview of HoustonKemp’s submission and results

HoustonKemp was engaged by Energy Networks Australia (ENA) to independently model the
Customer Export Curtailment Value (CECV).3* They concluded that “the AER’s proposed CECV
methodology results in CECVs that are materially below the wholesale market costs that can be
expected to be avoided by alleviating curtailment”.35

HoustonKemp list the following as “the benefits that could be achieved by avoiding the curtailment
of exports from DER . . . :

[0 avoided generation capacity investment;

[0 essential system services (including frequency control ancillary services);
I avoided marginal generator short run marginal cost (SRMC); and

1 avoided transmission or distribution losses”3.

In particular, HoustonKemp believe the first of these - the potential for increased DER export to
reduce investment costs in utility-scale system generation and transmission infrastructure -
represent sources of material benefit that should be included in the CECV.37

HoustonKemp’s modelling explicitly addresses those sources of benefits and concludes that with
their inclusion “the alleviation of curtailment could reduce wholesale market total costs . . . by on
average approximately $75 per MWh (in 2022 real terms) across the Step Change and
Progressive Change [AEMO ISP] scenarios”38. The key elements of HoustonKemp’s modelling
approach can be summarised as follows:

I 1t assumes that alleviation starts in FY2022 and that a uniform amount of export curtailment
is alleviated between the hours of 11am and 2pm every day of the year

B It runs a with/without simulation of wholesale market costs: the “with alleviation” case
assumes that export that would have been curtailed between 11am and 2pm is instead
allowed to be exported, and a “without alleviation” case in which the curtailment occurs
(essentially, a business-as-usual case)

3 Itidentifies the optimal generation and transmission mix for each of the cases and calculates
the CECV by dividing the difference in the NPV of the total system cost in the with and without
cases by the NPV of the total amount of energy export enabled by the assumed alleviation.

34

35

36

37

Est. 2008

HoustonKemp, Observations on the Australian Energy Regulator's proposed customer export curtailment value
methodology, p 7.

Ibid, p 1.
Ibid, p 2.

The AER’s methodology did not quantify the impact of alleviating curtailment of rooftop PV. It did explicitly consider and
quantify the impact of alleviation on each of the other sources of benefit listed by Houston/Kemp.

Ibid, p 7.

65



CECV Methodology

14 June 2022
Final Report

HoustonKemp’s CECV of $75/MWh? is significantly higher than the value that resulted from the
modelling commissioned by the AER.4° The avoided transmission cost component of
HoustonKemp’s CECV is approximately $30/MWh, which is based on the cost of the transmission
network to be built in the Central West Orana (NSW).4' The remaining $45/MWh is attributable
to the other sources of benefit listed by HoustonKemp, with avoided generation costs apparently
being the largest component.

It is on this basis that HoustonKemp claim its result demonstrates that the modelling undertaken
for the AER significantly understates the CECV.

Overview of our response

We agree that a with/without approach is the most comprehensive means for assessing the
impact of DER curtailment alleviation on investment costs in central generation and transmission
infrastructure.+2

That approach was not undertaken in this initial assessment of the CECV for several reasons.
The most important was methodological. The with/without approach requires an explicit
assumption to be made regarding the amount of DER that will be alleviated by the proposed
activities of the DNSP(s), and the specific times at which this additional export would occur within
each NEM region. The difficulty here is that the aggregate alleviation profile needed for the
analysis cannot be known with any certainty from a top/down perspective. Positing an aggregate
alleviation profile will provide the CECV that would be true /f that alleviation profile (amount,
location, timing) were to be delivered. Positing a range of different alleviation profiles could
provide CECVs that would be true in the event that each of the corresponding alleviation profiles
eventuated. However, using such a value to establish the cost-effectiveness of a DNSP project
to increase hosting capacity in a particular location would essentially be assuming that the
aggregate level of incremental export on which that value depends is actually going to be
delivered.*3

In addition to this methodological difficulty, the Interim Report also noted that generation
investment costs, at least in the near and medium term, are likely to be relatively low, and
therefore would not be likely to increase a CECV based on marginal generation costs by any
appreciable amount.4* This is because, at least in the near term, curtailment is likely to affect a
relatively small amount of export, and as a result, alleviation of that curtailment will result in a
very small reduction in the amount of electricity being generated by large-scale generation plants.

39
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All dollar values are in FY2022 terms unless stated otherwise.

The AER methodology does not produce a single CECV value. Rather it produces a series of half-hour regional marginal
generation costs, each of which is the value that 1 MWh of additional DER export would have in that region. The alleviation
profile of a project aimed at increasing DER hosting capacity being considered by a DNSP would use those half-hourly
values to determine the overall wholesale market benefit that would be created by the project.

Ibid., p 5.
Oakley Greenwood, CECV Methodology Interim Report, 06 April 2022, p 14.

It should be noted that the CECYV is different from the VCR (Value of Customer Reliability). The VCR is developed through
a market research methodology that establishes the specific value of increased supply reliability for different customer
classes and network feeder types by NEM region. It essentially quantifies the economic cost of unserved energy to
different types of customers in different parts of the network. Those individual values can be combined to a DNSP service
territory, NEM region or the entire NEM. Similarly, an additional unit of DER export will reduce the need for a
corresponding unit of energy (plus losses) to be generated from the central system, but the need for generation capacity
will not be reduced until increased export can provide a specific threshold of additional generation over a specific time
profile.

Ibid, pp 14-15.
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Over and above the methodological difficulty with the use of the with/without approach for
calculating a meaningful CECV, we believe there are several significant sources of error in the
HoustonKemp analysis itself, including:

The alleviation profile assumed by HoustonKemp is simply unrealistic

The approach that HoustonKemp has taken in assessing how changes in operational
demand affect transmission system costs is incorrect.

The key aspects of both these sources of error are discussed below with further detail provided
in subsequent sections of the paper.

Problems with the alleviation profile

We note that the CECV is a direct outcome of the alleviation profile. As a result, assumptions
about the alleviation profile are critical. HoustonKemp provides very little information about the
alleviation profile they have assumed or how those assumptions were derived. All they have said
is that a uniform amount of incremental export is enabled between the hours of 11am to 2pm
every day. They have not stated what that amount is, how (or if) it varies by NEM region, or the
extent to which this level of alleviation changes the generation mix (amount and type) over time.

Despite this lack of detail, two errors are clear in the alleviation profile that HoustonKemp has
used to assess the impact of incremental DER export on generation investment costs:

The assumption that export will be curtailed by a uniform quantity between 11am - 2pm every
day is extreme and demonstrably incorrect

The curtailment of rooftop PV exports will not occur on rainy or cloudy days

Even during sunny conditions, curtailment of rooftop PV will only occur when local area
demand and solar irradiation occur in specific proportions to one another (e.g., very low
demand and high irradiation, or low to medium demand and very high irradiation)#°

The application of dynamic operating envelopes, the use of which is very likely to
increase, as opposed to static limits will further reduce the likelihood of “everyday”
curtailment.

The failure to consider the fact that wholesale marginal generation cost is likely to be well
below average (and not infrequently zero) under the conditions in which rooftop PV export
curtailment is most likely to occur.

Both of these assumptions will cause an upward bias on the CECV that results from
HoustonKemp’s analysis.

To illustrate the magnitude of the bias that those assumptions can cause, we have replaced
HoustonKemp’s assumptions about the amount and timing of incremental export enabled by
alleviation with the following more realistic inputs:

We have assumed that curtailment occurs only when rooftop PV production is in the top 10%
of half-hourly PV output between 11am and 2pm over the course of the year46

45
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Itis also worth noting that marginal wholesale generation costs would almost certainly be lower than average under these
sorts of conditions.

Another case that assumed curtailment occurs more frequently - on the 25% of the top PV production half hours between
11am and 2pm - was also run.
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We have used information on the percentage of time that marginal wholesale electricity costs
are zero between the hours of 11am and 2pm in each of the NEM regions.

Using conservative estimates, our assessments show the benefit of curtailment alleviation would
be between 55% and 74% lower than those reported by HoustonKemp.

Annexure A provides further detail regarding this analysis including results at the NEM region
level.

Use of an inappropriate metric for assessing transmission investment cost impacts

HoustonKemp stated that their CECV included an avoided transmission cost component of
approximately $30/MWh, based on the transmission investment cost of the Central West Orana
system.

In the first instance, we note that HoustonKemp’s result appears to be driven by their modelling
transmission augmentation as an infinitely divisible option that can be represented by $/MW cost.
This is unlikely to be valid for assessing the CECV given the likely small size of curtailment
alleviation. We also find that the estimated $30/MWh cost is, in itself, implausible and is a result
of the methodology and input assumptions used by HoustonKemp.

Transmission augmentations including REZ expansions are large discrete investments. This is
explicitly recognised in AEMQO’s ISP modelling inputs4’ which treat REZ expansion as discrete
options. Transmission costs are primarily determined by:

The length of the line
The nature of the line’s construction (e.g., design voltage, tower type, conductor rating)

For a given transmission project where both length and construction are known, a calculation of
cost of transmission expressed in $/MW of project demand can be determined and can then be
used in a typical linear optimisation to compare project options.

In the context of the CECV calculation, however, the marginal impact of alleviation on a specific
transmission project can vary from zero to avoidance of the entire project. The impact will be zero
if the additional DER export does not reduce the amount of generation capacity to be served by
the transmission line in such a way as to reduce either the length of the line needed or its
construction design. To the extent that the additional export does so, an alternative project would
need to be costed with the impact being the difference between its cost and the cost of the original
transmission project.48 From a practical point of view, this would only be applicable if the level of
alleviation was large enough to make a major change to a candidate transmission project.

$/MW of transmission is useful for comparing different greenfield investments that are
combinations of generation and associated transmission. This is often done in long-term
generation-transmission planning, including that undertaken in the ISP. However, the benefit of
an incremental change in operational demand will not change transmission system investment
costs in a correspondingly linear fashion.

47
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AEMO, 20271 Transmission Cost Report, pp 48 - 101.

Itis unlikely however that that will be linearly related to the amount of alleviation, which is what the HoustonKemp analysis
assumes by using the $30/MWh figure as the avoidable cost of transmission capacity.
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As noted, HoustonKemp has not reported the quantum of their alleviation profile or the MW of
reduced utility solar investment it would engender. This makes it impossible to determine if the
alleviation would change either the length of transmission line needed or its construction design.
However, it is likely that HoustonKemp’s $30/MWh transmission cost saving, which is a
substantial part (40%) of its total CECV Of $75/MWh is likely due to their use of an inappropriate
methodology for modelling transmission expansion costs.4°

Annexure 2 provides further detail on this issue and several calculation errors made by
HoustonKemp in its quantification of the impact of curtailment alleviation on transmission system
costs. These errors concern the actual cost of the various tranches of the Central West Orana
transmission expansion project and HoustonKemp’s assumption that 80% of the Central West
Orana transmission capacity is needed to accommodate central solar generation.

Correction of these calculation errors yields a transmission investment cost benefit of
$12.90/MWh, even if we disregard the inappropriateness of HoustonKemp’s use of a $/MW figure
as a means for assessing the incremental cost of transmission.

Adjusting for the likely upward bias in HoustonKemp’s CECV

The combination of these corrections would reduce HoustonKemp’s CECV of $75/MWh to
between $11.50/MWh and $26.05/MWh, or 65% to 85% lower than their original estimates. In
fact, these values are much closer to those calculated under the AER methodology.

The $26.05/MWh value can be obtained by (a) substituting $12.90/MWh for HoustonKemp’s
original $30/MWh as the value of avoided transmission system costs and (b) applying the 55%
discount factor calculated in Annexure 1 to adjust for the unrealistic assumptions underlying
HoustonKemp’s alleviation profile.

That is:
The sum of

$45/MWh in HoustonKemp’s original estimate of the benefit of avoiding central
generation plant investment and dispatch,

Plus, the $12.90/MWh value for reduced transmission investment cost,

Discounted at 55% to account for the overstatement of benefits due to the unrealistic
assumptions underlying HoustonKemp’s alleviation profile.

Or, more succinctly:
($45/MWh +$12.90/MWh) x (1.00-0.55) = $26.05/MWh

If, on the other hand: the alleviation would not change transmission system investment
requirements, and we adopted the deeper but quite possible 74% discount derived in Annexure
1 of the impact of HoustonKemp’s alleviation, the CECV would reduce further to:

($45/MWh + $0/MWh) x (1.00 - 0.74) = $11.50/MWh.

49
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Importantly, we note that $/MW as a metric for modelling transmission cost is a simplification that can be useful for
modelling but is unlikely to be valid for use in the assessment of CECV. This is discussed in further detail in Annexure A
at the end of this memo.
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Conclusion

It is absolutely the case that the alleviation of DER export curtailment could, under certain
circumstances, impact wholesale generation investment requirements and costs and potentially,
even transmission investment costs. However, the quantum of incremental export needed to
affect investment requirements at the interconnected NEM level will probably always exceed
what an individual DNSP is likely to propose in the way of alleviation and will therefore require an
estimation of the likely aggregate effect of DER curtailment alleviation at the regional or NEM
level.

Any attempt to assess and integrate the impacts of DER export curtailment alleviation on
upstream investment costs will require a with/without approach of the sort that Houston/Kemp
has used. The shortcoming in HoustonKemp modelling, as discussed above, was the use of a
demonstrably unrealistic alleviation profile.

One possible means for improving the CECV methodology in the future would be for the DNSPs
to nominate their individual alleviation projects prior to the market simulation modelling being
done. That would allow the aggregate potential alleviation profile to be used as the ‘with’ case
which would allow the investment cost impacts to be captured.

It should be noted however that this approach still has several sources of inaccuracy, including
that:

To the extent that it is undertaken on a state basis it will not capture the interaction of the
proposed alleviation projects with those in other jurisdictions

The CECV that results from this approach will assume that all alleviation projects that were
included in the alleviation profile actually do get undertaken and delivered as forecast, which
might not turn out to be the case.

This approach could not be undertaken in this initial run of the methodology, and as indicated in
this paper, is extremely sensitive to the alleviation profile that is used to drive it.

70



CECV Methodology

14 June 2022
Final Report

Annexure1: HoustonKemp’s assumed alleviation profile

In our view there are two issues with how HoustonKemp has derived the investment cost benefit
of increased DER export:

The assumption that export will be curtailed by a uniform quantity between 11am - 2pm every
day is extreme and leads to a significant overestimate of the value of increasing hosting
capacity at the distribution network level

Failure to consider the fact that wholesale marginal generation cost is likely to be well below
average (and not infrequently zero) under the conditions in which rooftop PV export
curtailment is most likely to occur.

The assumption that curtailment occurs everyday

The alleviation profile is arguably the most important input in estimating the total value of
increased DER export to the wholesale electricity market. Regardless of the modelling approach,
it follows from basic economic principles that the CECV will be low if the additional DER export
takes place predominantly during periods when the marginal wholesale market cost of generation
is low (or even zero).

HoustonKemp has not provided any detail on the quantum of their alleviation profile. They simply
state that the modelling they have undertaken is based on the assumption that “a uniform block
of incremental curtailment alleviation [occurs] between 11am and 2pm each day commencing
from 2022 onwards” (i.e., regardless of weather or demand conditions).5° No empirical evidence
is provided to support this critical assumption. Similarly, no detail is provided regarding the
quantum of export alleviated, its time profile or its geographic distribution - each of which are key
drivers for transmission expansion given the discrete nature of transmission investment
(discussed in more detail later).

While we do not have direct data evidence, it is reasonable to argue that HoustonKemp’s
“everyday” alleviation profile is unrealistic because:

The curtailment of rooftop PV exports will not occur on rainy or cloudy days

Even during sunny conditions, curtailment of rooftop PV will only occur when local area
demand and solar irradiation occur in specific proportions to one another (e.g., very low
demand and high irradiation, or low to medium demand and very high irradiation)5?

The application of dynamic operating envelopes, the use of which is very likely to increase,
as opposed to static limits will further reduce the likelihood of “everyday” curtailment.
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HoustonKemp, op cit, p 7.

Itis also worth noting that marginal wholesale generation costs would almost certainly be lower than average under these
sorts of conditions.
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To apply some concrete humeric analysis to demonstrate the impact of these assumptions on
HoustonKemp’s estimate of the CECV, we will assume rooftop PV export may not in fact be
curtailed every day, and that the amount actually curtailed may vary on those days when
curtailment actually does occur. Because we do not have concrete information about the timing
of rooftop curtailment in each region, we make the simplifying assumption that curtailment will
take place only on those days when PV production would be particularly high during the hours of
11am to 2pm.52 We have assessed two assumptions about the frequency of curtailment, namely,
that curtailment will occur only on those days that are in the top 10% or 25% of high rooftop PV
output.

Figure 1 plots the average marginal wholesale costs by NEM region between 11am and 2pm
under HoustonKemp’s “everyday” alleviation profile (blue) as compared to our assumption that
curtailment occurs only on the top 10% of rooftop output periods (maroon). The chart shows that
the average wholesale market cost under the 10% assumption is significantly lower than that
under HoustonKemp’s “everyday” profile. Because HoustonKemp’s model used the standard
least-cost approach to generation expansion, investment decisions will be based on the trade-off
between incurring higher capital cost for additional plant and the avoided dispatch cost. Under
such an approach, overstating the wholesale market cost will overestimate the investment
benefit, as it will appear to be more economic to defer or avoid additional generation plant. Figure
1 also shows that the result would not be materially different if we used the top 25% of rooftop
output periods. Clearly, the questionable assumption that curtailment will occur as a uniform
amount every day has a very large impact on the CECV derived by HoustonKemp.

Figure 24: Average marginal wholesale cost under alternative alleviation profiles
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Source: Endgame Economics CECV modelling for the AER

In addition, HoustonKemp produced a single CECV that starts in FY2022. However, as Figure 1
clearly demonstrates, the marginal wholesale cost in the hours from 11am to 2pm declines
quickly over the years - due to more rooftop and utility PV being deployed in the NEM. In other
words, if HoustonKemp were to produce the CECYV for an alleviation profile that starts in FY2028,
the value would be markedly lower, even holding the rest of its methodology and inputs constant.

52

Est. 2008

We do not have half-hourly data on rooftop PV export data by NEM region. We have used rooftop PV production as a
proxy for export.
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As discussed earlier, in practice, rooftop PV curtailment might not exclusively occur during the
highest solar irradiation periods but could emerge when there is a combination of low local area
demand and moderately high rooftop solar output. The latter conditions often coincide with low
system demand and moderately high utility PV output, during which the marginal wholesale
market cost is very low, or even zero. Figure 2 displays the percentage of time in which the
wholesale market price is zero between 11am and 2pm. The chart shows that:

Even in FY2025, wholesale marginal cost is already at zero for more than 10% of the time in
Queensland and SA during the hours of 11am to 2pm.

By FY2028, wholesale marginal cost is zero for more than 10% of the time in those hours in
all mainland regions.

After 2030, wholesale marginal cost is zero for more than 50% of the time from 11am to 2pm
in all mainland regions.

Figure 25: Percentage of times of zero wholesale marginal generation cost between 11am - 2
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Source: Endgame Economics CECV modelling for the AER

In actual fact, rooftop PV curtailment is likely to be correlated with low or zero marginal wholesale
cost periods because operational system demand and residential demand are positively
correlated with one another, and negatively correlated with solar output. It should also be noted
that zero wholesale market cost periods are very prevalent from late 2020s onward.

If the 10% assumed rooftop curtailment happens during zero wholesale market cost conditions
(and curtailment of utility PV), the alleviation profile will lead to no change in investment outcomes
and consequently will have no investment benefit. Whether utility PV output increases or
decreases by 1 MW when pool price (or marginal generation cost) is zero, it will not impact on
the marginal investment decision pertaining to these plants.

Correcting for the marginal cost that will pertain when curtailment is likely to occur

First, as discussed above, if the 10% of rooftop PV curtailment between 11am and 2pm always
happens during zero wholesale market costs conditions, the wholesale market benefit would be
$0/MWh. We do not consider this improbable from late 2020s given the frequency of this
occurring during those hours is far greater than 10%, as shown in Figure 2 above. However, using
a more conservative approach, we will assume the 10% rooftop PV curtailment happens during
the highest rooftop PV output periods between 11am and 2pm.
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In addition, as discussed earlier, HoustonKemp’s $75/MWh estimate is based on an alleviation
profile starting in FY2022. Figure 1 clearly shows that the wholesale market benefit would be
smaller if they used an alleviation profile that started later, say from FY2025 onwards. Given the
upcoming regulatory periods for NSW, ACT and Tasmanian DNSPs is for FY2025-2029, we will
examine alleviation profiles starting in FY2025 and FY2029.

To start with, simply changing the starting time of the alleviation profile to FY2025 or FY2029 but
keeping the rest of HoustonKemp’s methodology (including their unrealistic “every day”
assumption) will in itself lead to a CECV that is less than $75/MWh, due to the declining wholesale
market cost trend (Figure 1). It would be difficult to quantify this “starting time” effect without more
information on HoustonKemp’s modelling inputs and outputs. For the rest of the analysis, we will
use a conservative assumption and ignore this “starting time” effect.

Table 1 shows the reduction in wholesale market benefit (as a proportion of HoustonKemp’s
estimate) when using a more realistic DER export curtailment assumption. The table shows the
proportional reduction for an alleviation profile starting in either FY2025 or FY2029.

As can be seen in the table, the average reduction due to the change of the alleviation profile
shape alone among mainland regions is between 55% and 76%. 53

Table 35: Percentage reduction in HoustonKemp’s wholesale market benefit assuming curtailment during
10% highest rooftop PV output

Region From FY25 to FY42 From FY29 to FY42
NSWi1 46% 70%
QLD1 48% 62%
SA1 63% 83%
VIC1 64% 83%
Mainland average 55% 74%

Source: Endgame Economics

We note the above estimate is a reasonable approximation and is based on our modelled
wholesale market outcome. To the extent that HoustonKemp’s model used broadly similar ISP
assumptions and (assuming it) produces lower wholesale costs during higher solar irradiation
periods, the results would be qualitatively similar.5*

53
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We have not included Tasmania in this analysis due to its smaller size and the lower penetration rate and capacity factor
of rooftop PV in that region. For the record, the reduction is 37% and 65% for Tasmania for the FY2025-2042 and FY2029-
2042 periods respectively.

To be clear, the numbers in Table 1 do not include the impact of starting the profile later than HoustonKemp’s FY2022
assumption. However, Figure 1 demonstrates that using an explicitly later start year for the profile will reduce the CECV
even further.
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Annexure 2: HoustonKemp’s transmission investment modelling

HoustonKemp stated that their $75/MWh CECV included an avoided transmission cost
component of approximately $30/MWh. HoustonKemp stated that this based on?5:

Avoided transmission cost investment in Central West Orana (CWO) at $1.36m/MW
80% of the transmission in CWO being built to accommodate solar.

In the first instance, we note that $/MW as a metric for transmission cost is a simplification that
can be useful for modelling but is unlikely to be valid for use in the assessment of CECV. We also
find that the estimated $30/MWh cost is, in itself, implausible and is a result of the methodology
and input assumptions HoustonKemp used. The following paragraphs explore these issues in
turn.

Inappropriateness of $/MW as a transmission cost metric

Transmission augmentations including REZ expansions are large discrete investments. This is
explicitly recognised in AEMO’s ISP modelling inputs5® which treat REZ expansion as discrete
options, and in its modelling methodology®’ where its detailed Long-Term (DLT) model treats
transmission expansion as discrete step functions. Transmission costs are primarily determined

by:
The length of the line
The nature of the line’s construction (e.g., design voltage, tower type, conductor rating)

These costs are typically quoted as $/km for a given construction design, but this form of cost is
not readily incorporated within a typical economic market model based on linear optimisation
because they are not variable by line length or line capacity. However, for a given project of a
known approximate size where both length and construction are known, a calculation of cost of
transmission expressed in $/MW of project demand can be determined and can then be used in
a typical linear optimisation to compare project options. $/MW of transmission is therefore useful
to compare different greenfield investments that are combinations of generation and associated
transmission. This is often done in long-term generation-transmission planning, including that
undertaken in the ISP.

In the context of the CECV calculation, however, the marginal impact on a known transmission
project (determined within the ISP) due to the alleviation of PV curtailment may vary from zero to
avoidance of the entire transmission project. The impact will be zero if the additional export
provided by the alleviation does not reduce the amount of generation capacity to be served by
the transmission line in such a way as to reduce either the length of the line needed or its
construction design. In theory, the impact of alleviating PV curtailment could in unusual
circumstances change the construction and therefore the cost of transmission, but this effect is
unlikely to be linearly related to the amount of alleviation. Where an alleviation program could be
thought to have such an effect, proper modelling would require a different transmission project to
be conceptualised and a with/without assessment undertaken. However, from a practical point of
view this would only be applicable if the level of alleviation was large enough to make a major
change to a transmission project.

55 Ibid., p 5.

56
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AEMO, 2021 Transmission Cost Report, pp 48 - 101.

AEMO, ISP Methodology August 2021, p 45.
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As noted, HoustonKemp has not reported the quantum of their alleviation profile or the MW of
reduced utility solar investment. This makes it impossible to determine if the alleviation would
change either the length of transmission line needed or its construction design. In practice, it is
reasonable to expect the alleviation profile in FY2022 to be small (i.e., less than a few dozen MW
in average), which will be unlikely to lead to a smaller CWO design or postpone its construction
time.

In other words, HoustonKemp’s $30/MWh transmission cost saving, which is a substantial part
(40%) of its total CECV Of $75/MWh is likely due to their inappropriate methodology of modelling
transmission expansion as a continuous variable.58

Calculation issues in HoustonKemp’s avoided transmission cost

Even if one were to accept HoustonKemp’s (inappropriate) methodology of modelling
transmission expansion, further examination reveals that HoustonKemp’s modelled value of
$30/MWh is unrealistically high. We note that the ISP inputs shows that:

The first 3900 MW of CWO capacity is committed (900 existing plus 3000 MW committed),
which would not be affected by any change in utility solar investment. The cost for this
component should be treated as sunk.

The next 1500 MW (i.e., up to a total capacity of 5400 MW) of expansion comes at a cost of
$0.37m/MW.

Any additional capacity above 5400 MW is costed at $1.36m/MW.

HoustonKemp has not shown the exact timing of divergence in the transmission build with and
without the alleviation profile. However, their memo seems to suggest the $1.36m/MW cost
saving occurs in FY22. In other words, HoustonKemp appears to assume that in FY2022, CWO
capacity is already beyond 5400 MW, whereas the draft ISP shows the timing of the first 3900
MW is around mid-2025. Figure 3 shows the solar and wind capacity according to the draft 2022
ISP. It shows that even based on installed capacity, no further expansion of CWO is required
before FY2029. In practice, given it is rare for all wind and solar plants in CWO to simultaneously
generate at their maximum capacity, the modelled need for further CWO expansion should be
much later. However, even if we assume marginal expansion of CWO (using HoustonKemp’s
methodology) is required as early as in FY2029 at the cost of $1.36m/MW, any associated benefit
should be discounted to 69% (at a 5.5% discount factor) to FY2022. Figure 3 also shows that the
split between solar and wind is approximately 50% as opposed to HoustonKemp’s 80%
assumption. In summary, even if we applied HoustonKemp’s methodology as stated, but with
more realistic assumptions on technology generation split and timing of the expansion, the
transmission benefit would be approximately 43% of HoustonKemp’s modelled value®® (or
$12.9/MWh instead of $30/MWh).

58
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Importantly, we note that $/MW as a metric for modelling transmission cost is a simplification that can be useful for
modelling but is unlikely to be valid for use in the assessment of CECV. This is discussed in further detail in Annexure A
at the end of this memo.

This being 69% * (50%/80%) = 43%.
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Figure 26: Solar and Wind capacity in CWO REZ from draft 2022 ISP Step Change
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Source: AEMO draft 2022 ISP Step Change

Naturally, the transmission benefit would be reduced even further if the change in generation
investment were to be smaller, as would be expected under a more realistic alleviation profile,
such as our 10% or 25% curtailment instead of HoustonKemp’s “everyday” assumption.

ay Greenwood
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